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Requests for Information Cost of Service Methodology

Q.

(Reference CA-NLH-3) The response states ""In the 1992 cost of service methodology
hearing, Mr. Larry Brockman, recommended that hydraulic generation classification
be based on the equivalent peaker methodology using a 26% demand component and a
74% energy component.” Please file for the record Mr. Brockman's evidence at the
1992 hearing and the equivalent peaker calculation leading to his recommendation
that hydraulic generation be classified as 26% demand and 74% energy. Has

Mr. Brockman updated his calculation for this hearing? If so, please file the
calculation for the record.

Copies of Mr. Brockman’s evidence submitted to the Board in the 1992 generic cost of
service proceeding are provided as follows:
1. Attachment A is a copy of Testimony of Larry Brockman, Hydro 1992 Cost of
Service Investigation, filed with the Board on August 31, 1992.
2. Attachment B is a copy of Supplemental Evidence of Larry Brockman, Hydro
1992 Cost of Service Investigation, filed with the Board on September 16, 1992.
3. Attachment C is a copy of revisions to the Testimony of Larry Brockman provided
in Attachment A, filed with the Board on September 17, 1992.

Mr. Brockman no longer has a record of the equivalent peaker calculations upon which
his recommendation in that proceeding was based.

Mr. Brockman has not updated his equivalent peaker calculation for this proceeding.
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. Qualifications

What is your name, address and professional affiliation?

My name is Larry B. Brockman. My address is 100 Northcreek, Atlanta, Georgia.
| am a Vice President with Energy Management Associates (EMA), the Utilities
Division of Electronic Data Systems (EDS). EMA is an industry leader in providing
planning and financial software and consulting to the electric and gas industries in
Canada, the U.S., the Pacific Rim, the Mid-East, and Europe. | am appearing in

this proceeding on behalf of my client, Newfoundland Power.

Have you previously testified before this Board as an expert witness?
Yes. | testified as an expert in cost of service, rate design, and utility system
planning before this Board in Hydro’s 1990 Rate Referral and again in Hydro’s 1992

Rate Referral.

Please summarize your professional background.

| have over 18 years of experience in the utility industry as a planner, regulator,
ratemaker, and consultant. As a Vice President in EMA’s consulting department,
| specialize in providing planning and regulatory counsel to electric and gas utility
clients. Since joining EMA in 1985, | have managed a wide variety of projects
involving integrated resource planning, ratemaking and general utility practice. |
have reviewed and created numerous least cost plans for Canadian and U.S. clients
and have testified on planning and ratemaking before regulatory bodies in Canada

and the U.S. | have also worked on several merger and acquisition studies
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identifying and quantifying the potential planning and operational synergies. | am
co-developer and instructor of two intemationally recognized courses on least cost
planning and ratemaking for Public Utilities Reports Inc. and The Management

Exchange.

| graduated from the University of Florida with a Bachelor's Degree in Engineering
in 1973 and returned in 1977 to do graduate work in electric engineering and
regulatory economics. After graduation from university in 1973, | started my career
as a system planning engineer with Jacksonville Electric Authority, a municipal utility
in Florida. While there, | performed generation, transmission and distribution
studies, including cost effectiveness evaluations of new generation, transmission
lines, substations, feeder conversions and the like. | later worked for Gainesville
Regional Utilities doing similar work and also performed cost of service and rate

design studies.

In 1981, | became the Assistant Director of the Electric and Gas Department of the
Florida Public Service Commission, where | had responsibilities for supervising 48
employees engaged in all phases of electric and gas regulation. | was ultimately
responsible for making recommendations to the Commission on rate cases, power

plant siting, conservation activities, and various public policy matters.
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Il Background and Purpose of Testimony

Q.

A.

Please provide your perspective on the background behind these
proceedings. |

In its 1992 Rate Referral, Hydro recommended several changes to the cost of
service methodology approved by the Board in 1977. The changes proposed by
Hydro involved significant shifts of production and transmission plant costs from
energy to demand. These changes implied that the method approved in 1977 was
too heavily weighted towards energy. In addition, Hydro proposed that certain plant
previously treated as dedicated to "Hydro Rurals" be treated as common to all
customers. NP argued that insufficient evidence had been submitted to support the
changes to the cost of service methodology proposed by Hydro and that the rate
referral was not the appropriate forum to fully explore these important issues. NP
recommended at that time that the cost of service methodology found to be fair and
reasonable in 1977, and in use since that time, be retained unless a more thorough

examination of the evidence proved that changes were warranted.

In its April 1992 Report to the Minister, the Board recommended allowing Hydro to
use its proposed cost of service methodology on an interim basis, but to submit
further justification on its use in a future generic proceeding. In June, 1892 Hydro
submitted its evidence seeking justification of the changes sought in the cost of

service methodology.



10

11

12

13

14

15

16

17

18

19

20

21

22

23

24

Please provide an overview of your evidence in this proceeding.

My evidence in this proceeding will show that the cost allocation methodology
approved by the Board in 1977 was not too heavily weighted towards energy, as
Hydro's changes would suggest. In fact, it was too heavily weighted towards
demand. In addition, the costs allocated to Newfoundiand Power, were not too low

under the 1977 methodology as Hydro now contends, but were in fact slightly high.

My evidence is presented according to the following main topics:

(1) The purpose of a cost of service study.

(2) The main components of a cost of service methodology.

(3) Criteria for choosing a cost of service methodology.

(4) Cost of service methods appropriate for Newfoundland and Labrador Hydro.

(6) The impact of recommended methods on Hydro's customer classes.

Purpose and Principles of Cost of Service Studies

What is the purpose of a cost of service study?

Cost of service studies are performed for several reasons. The 1992 NARUC

Electric Utility Cost Allocation Manual (page 12) gives the following purposes for

cost of service studies:

- To attribute costs to different categories of customers based on how those
customers cause costs to be incurred.

- To determine how costs will be recovered from customers within each

customer class.
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- To calculate costs of individual types of service based on the costs each
service requires the utility to expend.

- To determine the revenue requirement for the monopoly services offered by
a utility operating in both monopoly and competitive markets.

- To separate costs between different regulatory jurisdictions.

There are two major types of cost of service studies. One is called an embedded
cost of service study, the other is called a marginal cost of service study.
Embedded cost of service studies deal with the costs of existing utility plant and
operating expenses. Marginal cost of service studies deal with the future costs of

meeting additional electric energy and demand requirements.

The use of cost of service studies to allocate revenue responsibility derives from the

generally accepted principles of good rate design. James Bonbright was one of the

first to codify these principles in his classic book, Principles of Public Utility Rates.

Bonbright's principles which relate to cost of service studies are:

(1) Effectiveness in yielding total revenue requirements

(2) Faimess in the apportionment of total costs of service among the different
ratepayers.

(38) Static efficiency of the rate classes and rate blocks in discouraging wasteful
use of service while promoting all justified types and amounts of use:
(a) in the control of the total amounts of service supplied by the Company;
(b) in the control of the relative uses of alternative types of service by

ratepayers (on-peak versus off-peak service or higher quality versus

lower quality service).



1 Embedded cost of service studies are done primarily to achieve the goal of fairness

2 and avoidance of undue discrimination in the apportionment of revenue
3 responsibility to rate classes and to individual customers within these classes.
4 Fairness in allocating revenues between individual customers within each class is
5 accomplished by the proper setting of demand, energy and customer charges within
6 those classes. Marginal cost of service studies are performed primarily to assist in
7 designing rates that are economically efficient. The cost of service methods under
8 investigation in this proceeding are embedded methods and are therefore primarily
9 aimed at achieving fairness.

10

11 Bonbright's principle of fairness in the apportionment of costs and the NARUC

12 principle of attributing costs based upon how customers cause costs to be incurred,

13 are inextricably inter-twined. In fact, the principle of causality (or cost causation)

14 is almost universally claimed in attempts to justify various cost of service

15 methodologies as fair. The principle of cost causality states that costs should be

16 assigned according to load and customer characteristics that cause the costs to go

17 up or down.

18

19 V. Components of Cost of Service Studies
20

21 Q. Please describe how an embedded cost of service study is performed.

22 A. There are three main steps involved in performing a cost of service study. These

23 steps are called:

24 (1) functionalization;
25 (2) classification; and,
26 (3) allocation.
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Each of these steps is a process of sub-dividing the utility’'s overall costs into
smaller and smaller portions, each associated with specific customer classes and

load characteristics that cause the costs to occur.

Please describe the functionalization step.

Functionalization is a process of deciding what purpose or utility function a utility
investment or expenditure serves. Common examples of utility functions are
production, transmission, and distribution. As an example of functionalization,
consider the cost of fuel burned at a power plant and the cost of carrying the

investment in that plant. These costs would be functionalized as production.

Functionalization is performed because it helps identify how costs of providing
service to various customers change when the load characteristics of those

customers change.

The costs assigned to the major utility functional categories are often broken down
further into sub-categories associated with individual customers or groups of
customers. For example, if a transmission line was built just to serve a specific
group of customers, the costs of that line should be functionalized as transmission
whose function is to serve only that group of customers. This will promote fairness
by ensuring that the cost of that line will eventually be assigned only to that group

of customers.
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Please describe the classification step of a cost of service study.

Classification is a process of deciding what customer characteristics cause each
functionalized cost to increase or decrease as customer load characteristics
change. Costs are usually classified as incfeasing or decreasing because of
changes in customer demand, energy or number of customers on the system. The
table below shows some commonly accepted ways of classifying the major

functional categories:

Costs Classified As

Demand Energy Customer
Functional Category
Production yes yes no
Transmission yes yes no
Distribution yes no yes

In the classification stage, we must decide not only whether a cost is related to
demand, energy or number of customers, but we must also assign percentages for

those functions which may be related to more than one of these causal factors.

Even a simple table such as this one can be controversial when we discuss
classification, because there is no universally agreed upon method for classifying

production, transmission, or distribution related costs.

If there is no agreed upon method for classification of certain costs, please
explain how a regulatory body such as this one is to judge how the major

functional categories should be classified.
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The approach | would suggest is to return to the basic principles and purposes of
doing a cost of service study in the first place. | previously quoted NARUC's 1992
Cost Allocation Manual on the purpose of a cost of service study as, "to attribute
costs to different categories of customers based on how those customers cause
costs to be incurred.” | also discussed how the principle of cost causation was
related to fairness. In teaching hundreds of utility industry personnel about cost of
service, the principle of causality is the one | find most helpful in helping them to

understand and apply cost of service.

To apply the principle of cost causation at any step in a cost of service study, one
simply needs to ask, "What makes this cost go up?" or "What makes it go down?"
In the functionalization stage, the causation principle can help determine whether
a cost is common to all customers, or whether only a certain group of customers
has caused the cost to go up or down. The classification stage cuts to the heart
of the matter by asking whether demand, energy, or just being a customer caused

a certain cost to rise or fall.

If the functionalization and classification steps are properly done, the allocation step

becomes much simpler.

Please describe the allocation step of a cost of service study.
In the allocation step, the previously functionalized and classified costs are allocated
to the individual customer classes. Allocation to the classes is usually done in

proportion to each classes’ share of the demand, energy or number of customers
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depending on how the cost was classified in the prior step. The following example

might prove useful in understanding these concepts.

Suppose a utility has spent $50 in a year to provide a generating plant to serve two
customer classes. After investigation of the utility’s accounting books, it was found
that $25 was spent at the power plant for fuel and $25 was associated with carrying
the investment in the power plant. The first $25 cost would be functionalized as
production-fuel, and the second $25 cost would be functionalized as

production-carrying costs.

Next, suppose that consultation with the planners and operators of the plant
revealed that the costs of fuel increase primarily as more energy from the plant is
used, but one-half of the investment in the plant was spent due to the amount of
energy it produced, and the other one-half of the investment in the plant was based
on the demand placed on the system. Applying the principle of causality, the $25
production-fuel costs would be classified as energy related, $12.50 of the carrying
charges on the plant as demand related, and the $12.50 of the carrying charges as

energy related.

To perform the allocation step it must first be determined how much demand and
energy requirement each of the two classes places on the system. Suppose in this
example that Class 1 places two-thirds the total demand on the system, but uses
only one-half the total energy from the plant (Class 1 has a worse load factor than

Class 2). Two-thirds of the $12.50 demand related carrying charges on the plant

10
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would be allocated to Class 1, because that would be their share of the total
demand. (The principle of causality would suggest that they caused two-thirds of
the demand costs). Also one-half of the $37.50 energy related costs would be
allocated to Class 1 because that is their share of the total energy used from the

plant.

V. Criteria for Choosing a Cost of Service Methodology

Q.

A.

Please elaborate on why choosing a cost of service methodology and
performing a cost of service study can be a subject of controversy.

In concept, and theory, cost of service is relatively simple. Unfortunately for
someone struggling with choosing a proper cost of service methodology, there are
hundreds of cost categories that must be properly functionalized, classified and
allocéted. Cost of service practitioners have differences of opinion about these
items, which partially accounts for the fact that there are so many different
methodologies for performing cost of service studies. Other differences occur

because utilities have different factors driving the costs up or down.

In addition, there have been both technological changes in production plant
equipment and load research improvements in the last 30 years. Both have
changed what can and should be done with respect to cost allocation, if capturing
cost causation is our goal. Prior to the late 1960’s large, inexpensive gas turbines
were not available to the electric utility industry for meeting peaking type loads. This

meant that in many cases, fossil fueled steam plants were constructed as both base

11



load and peaking plants. Since the same type of plant was constructed to serve
both high and low load factor loads, the maximum demand on the plants was all
that really drove the cost of installing them. Under such circumstances, classifying
all thermal production plant as demand related made causal sense. However, it still
offended the ratemakers’ sense of fairness that classes using power off peak under
such a classification scheme would not pay any of the fixed costs of the generating
plants that served them. This led to the use of methods such as the Average and
Excess Demand method which allocates a portion of production plant costs on

energy and a portion on each classes’ non coincident demand.
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VI. __Application to Newfoundiand and Labrador Hydro

Q.

The fact that good load research data was uncommon prior to the 1960’s meant
that cost of service methods which required coincident peak data by class could not
be used effectively. Since the Average and Excess Demand method required only
class energy consumption and non coincident demands, it could be applied with
very little load research data. It thus became a popular method with analysts who
wanted to recognize the fact that power plant planning involved balancing
investment and operating costs that varied with both demand and energy. (For an

in depth historical account of this cost of service progression, see Appendix 1.)

Please explain how the principles you have been discussing apply to the task

of choosing an appropriate cost of service study to be used by Newfoundland

and Labrador Hydro.

12
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A.

| have several areas of disagreement with Hydro’s proposal in the present

proceeding. Attention to the basic guidelines already discussed will assist the

Board in deciding on these matters. The areas of disagreement are:

Issue One -

Issue Two -

Issue Three -

Issue Four -

Issue Five -

How certain generation, transmission and distribution facilities that
serve primarily one group of customers should be functionalized;
that is, whether they should be functionalized as common to all
customers, or just assigned to that group of customers;

How Hydro’s hydraulic and thermal production plant should be
classified between demand and energy;

How Hydro’s transmission facilities should be classified between
demand and energy;

How production, transmission and distribution plant should be
allocated to the classes and;

How the Hydro Rural revenue deficit should be allocated.

In addition, a future issue on how to treat interruptible customers in a cost of service

study is discussed.

issue One

Please discuss the issue of how facilities that serve only one group of

customers should be treated.

This issue refers to whether certain generation, transmission and distribution

facilities primarily located on the Great Northern Peninsula, and which were

13
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previously functionalized as dedicated to Hydro Rural customers, should now be
treated as being common to all customers. In prior cases the entire cost of these

lines and associated facilities was assigned to the Hydro Rural class.

Hydro argues that since there is more than one class of rural customer on these
facilities, they should be considered as common and allocated to all customers.
Hydro also contends that this definition of common facilities is accepted as a
mainstream practice. To quote Dr. Sarikas, "Direct assignments are not normally
done in cost of service analysis except in the case of large power customers in
selected applications, due in part to the time consuming nature and cost of the
activity" (Sarikas, June 1992, Page 21, lines 19-22). In the February 1992 Hydro
Rate Referral, this theme was also stated as, " Since the rural system is now an
integral part of Newfoundland Hydro and consists of individual rate classes, these
facilities have been treated as common and are no longer directly assigned”

(Sarikas, Nov. 1991, page 19, lines 15-20).

Generally accepted principles state that an assignment of cost to customers should
be fair. As I've already discussed, this has come to mean that customers should
bear some causal responsibility for the costs being allocated to them. It is an
undisputed fact in this case that the facilities in question serve only Hydro Rural
customers. The existence of these customers and the fact that they live and work
in the Great Northern Peninsula, is the only cause for the cost incurred. The
generally accepted principles of good rate design require that the costs of these

facilities not be assigned to customers who did not cause them. The principle of

14
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practicality that Dr. Sarikas is suggesting here relieves Hydro of the responsibility
to be fair only if it is not practical to do so. Since the facilities were specifically

assigned to Rural customers in the past, it should still be practical to do so.

If at some future time, these facilities truly do contribute to the benefit of all
customer classes, they should be functionalized as common at that time. At the
present time, they simply serve one group of customers and should be specifically
assigned to this class of customers. The isolated location of these customers
makes it unlikely that the facilities serving them will ever contribute to the other

classes’ benefit.

Was the issue of functionalizing facilities as common versus specifically
assigning them addressed by the Board in the 1977 cost of service
proceeding?

Yes. In that proceeding the Board investigated this issue and found that,

"For the purpose of resolving the issues between Hydro and the
intervenors as to whether certain plant and equipment should be
assigned to joint or to specific customers the Board has decided
to use the following standard:

(i) plant and equipment which is of substantial benefit to
more than one customer will be classified "joint use”; and

(i) plant and equipment which is of little use or no benefit to
two or more customers will be classified as specific use.”
(Report of the Board of Commissioners of Public Utilities on
Rates to be Charged by Newfoundland and Labrador Hydro to
Newfoundland Light & Power, dated March 14, 1978, p. 121-122)

15
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Is the above-noted finding in the 1977 Board Report consistent with Hydro’s
proposal in the current proceeding?

No. When the Board referred to one customer in the 1977 repont, they meant one
customer class, since Hydro had only a few customers at the time. One of these
customers was PDD. The fact that PDD or Newfoundland Power had more than
one class of customer, was not considered relevant in the Board's determination of
what constituted common and joint plant between PDD, NP and the Industrials.
From NP’s perspective Hydro still has only a few customers ( NP, Hydro Rurals,
and the Industrials). On that basis, and following similar thinking to the Board’s
1977 order, only one customer exists on the facilities on the western side of the
Great Northern Peninsula. This matter cannot be fairly resolved by allocating a

portion of these costs to customers clearly not responsible for them.

Issue Two

How should Hydro’s hydraulic production plant be classified between demand
and energy?

There are several methods for classifying hydraulic plant between demand and
energy. These methods are:

(1) Fixed and Variable

(2) Use of the Facilities

(3) Capacity Factor Methods

(4) Arbitrary Splits

(5) Equivalent Peaker Approach

16
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Method (1) assigns all fixed costs to demand. The philosophy behind this method
is that demand causes the utility to add plant and once the decision is made to add
plant, the carrying costs on the assets do not vary with energy consumption. This
type of philosophy probably made sense when there was essentially only one type
of plant available. Where the option exists to spend more money to build plants,
either hydro or thermal that are less expensive to operate, clearly the additional

fixed costs invested to save on energy costs are not attributable to demand.

Method (2) classifies certain facilities such as dams, reservoirs, canals, etc. to
energy. The philosophy is that certain facilities at a hydro plant are constructed in
order to get maximum energy cost savings out of the plant. The remainder of the
facilities are assumed to be related to demand. This method is fine as far as it
goes, but it ignores the fact that hydro plants can be very capital intensive and even
the investment left over after subtracting the cost of building reservoirs and dams,
may exceed the cost of serving short duration demands by other means, such as

combustion turbines. Hydro is now recommending this method.

Method (3) classifies a portion of the hydraulic plants on energy depending on the
capacity factor the plant achieves. This method is often modified so that a plant
that runs more than the overall system capacity factor is assigned more energy

weight than one that runs less.

The method Hydro used until the last rate referral was a variant of this method. In

this method, all hydraulic plant was assigned a 50/50 demand/energy split at the

17
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capacity factor of the overall system. If the plant ran more than system capacity
factor, more energy weight was assigned. This results in a 43% demand and a
57% energy classification on hydraulic plant if this method is used in the 1992

forecast cost of service study.

Method (4) uses an arbitrary split such as 50/50 demand/energy without detailed
scientific calculations. Such a method is often used when it is not feasible to
calculate the demand energy splits, but a cost analyst would want to recognize that

plants are built to serve both demand and energy.

Method (5) uses the principle of causality to determine how much extra investment
was made to construct hydro plants to save on energy costs rather than
inexpensive gas (combustion) turbines. The cost of a gas turbine that could have
been built to serve short duration demands is subtracted from the cost of the
hydraulic plant to determine the additional amount that was spent to save on energy
costs. (For a more detailed explanation of this approach see the 1992 NARUC Cost

Allocation Manual, Pages 52-55).

The goal of assigning costs to the factors that caused them is best satisfied by
Method (5). Hydro clearly built many of the hydraulic plants on its system to save
on energy costs. Hydro’s own annual reports point this out in several places. For
example, "The 120 megawatt hydro-electric development at Cat Arm has a high
capital cost of $259 million compared to a 150 megawatt thermal alternative, which

costs less than $100 million. However, the subsequent open-ended commitment for

18
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oil purchases is highly undesirable” (1979 Annual Report). By these numbers
alone, the money spent at Cat Arm for energy considerations was at least 159/259

or 61% of the plant cost.

After examining the various methods available to Hydro for classifying its hydraulic
plants between demand and energy, | recommend Method (5), the equivalent

peaker approach, as the most sound.

Have you made calculations to apply such an approach to Hydro’s hydraulic
plants and can you describe how you did it?

Yes, | have done such a calculation. | first gathered the installed costs of all of
Hydro’s production plants and the years they were installed. | then convenrted all

the installed costs of both hydraulic and thermal plants to constant 1991 dollars

using the Statistics Canada Electric Utility Construction Price Indices for

Hydro-Electric and Fossil-Fuel Generating Stations. This removed any bias from

inflation in the analysis. The following table summarizes the results:

19
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GENERATING STATION UNIT COSTS

Plant Rating (MW)
Hydraulic

Bay d’Espoir 580
Upper Saimon 84
Hinds Lake 75
Cat Arm 127
Paradise River 8
Thermal

Holyrood 475
Gas Turbines

Stephenville 54
Hardwoods 54
Overall Gas Turbines 108
Diesels

Overall Island 33

The above table shows the $340/kW cost of serving demand with gas turbines,
such as those at Stephenville and Hardwoods, is clearly less than the cost of
serving demand with steam or hydraulic units ($766/kW to $2,744/kW). The extra
investment has been made to achieve cheaper energy supplies, because hydraulic

and thermal steam units are cheaper to run.

| next took the cost of the gas turbines at Stephenville and Hardwoods as the
equivalent cost of supplying only demand. This amount per kW was divided by the
actual cost of building hydro plants, in $/kW in $1991, to arrive at their

demand/energy splits. For example, Upper Salmon gives 340/2599 = 13.1%. The

following table shows the results.

20

$/kW (19918)

1,112
2,599
1,741
2,557
2,744

766

342
338
340

858
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Plant Rating (MW) %Demand

Bay D’Espoir 580 30.6%
Upper Salmon 84 13.1%
Hind's Lake 75 19.5%
Cat Arm 127 13.3%
Paradise River _8 31.3%
Overall Hydraulic 874 18.7%

The Paradise River calculation used $858/kW diesels as the equivalent peaker due
to its small size.
The overall result is that only about 19% of the hydraulic plant should be classified
as demand related under this method. This contrasts dramatically with Hydro's
proposal to move these plants from the old 43% demand to 56% demand. Hydro’s
proposal is a move in the wrong direction. We should be classifying less, not more,

of these plants as demand related.

How should Hydro’s thermal production plant be classified?

Just as there are many methods to classify hydraulic production plant, there are
many methods for classifying thermal production plant between demand and
energy. In fact, similar methods can be used as follows:

(1) Fixed and Variable

(2) Use of the Facilities

(3) Capacity Factor Methods

(4) Arbitrary Splits

(5) Equivalent Peaker Approach
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Method (1) for the thermal plants again assigns all fixed costs to demand. All
variable costs, such as fuel, are assigned to energy. The same problems with the
logic apply here as they did to hydraulic plant. This method ignores the fact that
fossil steam plants are more expensive than gas turbines and that additional
investment is made to provide cheaper energy. Hydro is recommending the use
of this method which results in the Holyrood thermal plant classified as 100%

demand related.

Methods (2), (3) and (4) work essentially the same way as they did for hydraulic
plant and also suffer from similar problems to those pointed out in the hydraulic

section.

Method (5) uses the same principle of causality on the thermal plants as was used
on hydraulics to determine how much extra investment was made to build efficient
fossil plants that save on energy costs, rather than inexpensive gas turbines. In
method (5), the cost of a gas turbine that could have been built to serve short
duration demands is subtracted from the cost of the fossil steam plant to determine
the additional amount that was spent to save on energy costs. Method (5), the
equivalent peaker method, again best satisfies the goal of assigning costs to the
factors that caused them. Therefore, | recommend its use for Hydro in this cost of

service proceeding.

Referring back to the table on installed costs of Hydro’s units in the hydraulic

section (on page 20), we see that the Holyrood thermal plant cost $766 per kilowatt,
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while a gas turbine cost about $340 per kilowatt. If we divide the $340/kW by the
cost of Holyrood of $766/kW, we see that only 44% of the cost of the plant was
spent to serve demand ($340/$766). A proper classification of the investment cost
in thermal plant therefore results in a 44% deménd classification. All fuel should be

classified as energy.

Shouid there be adjustments to the way fuel is allocated to the rate classes
when using an equivalent peaker approach?

Yes. The basis of the equivalent peaker approach to classifying generating plant
is to assign only the equivalent investment in peaking plant to demand. The
remainder of the investment in efficient base load plants is allocated according to
each classes’ share of the energy on the system. Since fuel costs are higher for
peaking units, it is not fair to also ask customers to bear the higher cost of peaking
fuel in their energy costs. Some adjustment must therefore be made to account for

this effect.

There are two adjustments | am aware of to account for the higher peaker fuel cost
under an equivalent peaker method. The first method allocates average hourly fuel
costs to every rate class according to that classes’ share of the load for each hour
of the year. This method requires large amounts of data on class hourly loads and

average fuel cost by hour. It is therefore difficult to use this method in many cases.

The second method simply assigns the cost of peaking unit (gas turbine) fuel to

demand. That is, not only is the equivalent investment in peakers assigned to
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classes based on their demands, but so is the higher cost of actual fuel used to
operate these units. It has the advantage of being very simple to use. | would
recommend its use whenever hourly class load shapes and hourly average fuel

costs are not available.

Issue Three

How should Hydro’s transmission facilities be classified?

To answer this question, we must examine why the transmission facilities were
constructed as they were. Applying the principle of causality, we ask what makes
the cost of transmission facilities go up or down? The answer is that several factors
contribute to the cost of transmission lines and associated substation facilities. One
factor is the size or rating of the lines, transformers and breakers. These sizes are
often a direct result of the expected peak demands on the transmission system.
The other factor is that investments in these facilities are made to save on energy

costs.

If we constructed a system to serve only short duration peak demands, we would
most likely build gas turbines or diesels close to the load centres. We would still
need essentially the same substation facilities, but the lines would be very short.
Because larger baseload plants and hydraulic plants are remotely located, much of
the cost attributable to the length of the lines is due to the fact that they were
constructed over long distances to save on energy costs. Hydro alludes to this fact
in commenting on the reasons for building lines to remote locations in its official

documents, such as the 1983 Annual report, where they stated,
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"The most notable achievement in the 1983 transmission and
terminal program was the completion of 84 kilometres of
138/69 kV transmission line from Hawkes Bay to Flowers Cove on
the Great Northern Peninsula. This transmission facility
interconnected approximately 30 communities from Castors River
to Eddies Cove along the northwest coast of the Island. These
communities had previously been supplied from diesel generating
systems and their connection with the grid resulted in lower
electricity rates for approximately 1800 families and savings of
many thousands of gallons of diesel fuel." (Newfoundiand and

Labrador Hydro, 1983 Annual Report, P. 12)

Transmission lines also have the effect of improving the reliability of power supply
in isolated areas. This can be dramatic over all hours, not just at times of system
peaks. It therefore means that these reliability improvements are properly more

proportional to energy use than to peak demands.

With an interconnected system like Hydro’s, it is very difficult to devise a method
for fairly determining how much of the cost of each transmission line connecting
geographically dispersed areas is related to demand and how much is related to
energy. In the final analysis, the fairest approach seems to be one of classifying
all substation and terminal equipment as 100% demand related, even though some
of the investment in these facilities is for energy savings. The cost of the
transmission lines themselves should be classified as 50% demand and 50%
energy related.
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Issue Four

How should Hydro’s hydraulic and thermal generating plants be allocated?
If a proper job of functionalization and classification is done as we have done it
here, deciding on the proper way to allocate each functionalized and classified cost
is much easier. Costs classified as demand related should be allocated to the rate
classes in proportion to that classes’ share of the demand characteristic causing the
costs of hydraulic and thermal production plant to increase or decrease. For the
share of the production plant costs we have classified as varying with energy
consumption, we should allocate those costs to the classes based upon their share

of the energy produced.

That portion of the production plant costs classified as being related to demand
should be allocated according to the demand characteristic causing those costs to
increase. In the case of Hydro’'s demand related production costs, the peak
demands on the generation system cause Hydro’s Loss of Load Probability to
increase and therefore cause Hydro to add plant to serve demand. The five winter
months of November through March have the highest peaks (all within 80% of the
maximum yearly peak) and contribute most to the loss of load probabilities (See
response to Demand for Particulars, NP-20, 1992(G)). Itis therefore recommended
that class coincident peak demands in all five of these months be used to allocate

the demand related portions of production plant.
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How should Hydro’s transmission lines be allocated?

The demand related portions of the transmission plant should be allocated on the
same 5 month coincident peaking (Hydro’s total system 5§ CP) methodology as was
used to allocate production demand related costs. This is because the same
demands that occur on the generation system also occur at the same time on the
transmission system. The energy related portions of the transmission system

should be allocated on energy plus losses at the transmission system level.

Dr. Sarikas at page 21 of his evidence proposes using the CP method for
allocating distribution capacity cost to the Hydro Rural customers. Do you
agree with this allocation?

This treatment of distribution facilities is inconsistent with the discussion on pages
96-98 of the 1992 NARUC Cost Allocation Manual of how these facilities should be
allocated. Dr. Sarikas testified that an examination of the geographic distribution
of feeder loads and load characteristics led him to believe that the Hydro distribution
facilities are more closely related to Hydro Rural Interconnected rate class
coincident peaks (CP) than non-coincident peaks (NCP). Dr. Sarikas also
acknowledged that his method "probably isn't a pure Coincident Peak approach”
(See Hydro 1992 Referral, transcript page 487). He went on to say that a different
geographic dispersion of class loads, which would be more likely in the urban areas
served by NP, could dictate an NCP allocator for distribution facilities, and that he
had no problem with NP using NCPs to allocate distribution. Therefore, while | fail
to see how every rural distribution feeder can be as homogeneous as Dr. Sarikas

believes, | have no evidence to the contrary. With all these caveats, | take no issue
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with Dr. Sarikas’ recommendation on Hydro's cost of service approach on this

issue.

Issue Five

How should the Hydro Rural revenue deficit be allocated?

Unfortunately, there is no causal theory to guide us here. This deficit was not
created by demand, energy, or number of customers. Only the principle of fairness
can assist in resolving this issue. Hydro has proposed allocating this deficit on the
basis of revenues contributed by the various classes. NP pointed out in the last
referral that this method does not seem fair, because certain customers, such as
the ones in the Labrador Interconnected area have very low rates and would not
pick up a fair share of the costs this way. The Board acknowledged in its report on
the 1992 Hydro Rate Referral that at least the Labrador portion of this argument

was troublesome.

I recently investigated how regulators in the U.S. have allowed costs that have
nothing to do with the cost of serving certain classes to be allocated. The states
of California, Florida, lowa, Maryland, Montana, New Hampshire and New Jersey
responded that they allocate some social costs, such as uncollectibles or life-line

subsidies, on energy.

My evidence in the 1992 Hydro Rate Referral pointed out that there is no scientific
way to resolve this question, but that a 50/50 split between energy and revenues

seemed more fair to me than the revenue only split.
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| therefore respectfully recommend that the Board consider allocating the Rural

Revenue Deficit 50% on energy and 50% on revenues.

As an alternative to NP’s preferred method described above, the Board may wish
to consider another method. In this method, the total deficit would be separated
between the Island system and the Labrador system on the basis of energy sales.
These distributions would then be allocated to customer classes within each area

according to revenues.

Issue Six

How should interruptible load that is expected on Hydro’s system in late 1993
be treated in the cost of service study?

Interruptible load is by definition, load that is the first shed when the utility is short
of capacity. In addition, utilities do not usually plan generation capacity and some
portion of their transmission capacity to serve interruptible customers. Because
generation and transmission capacity may be avoided for these customers, they
expect a lower demand charge than firm customers in exchange for being

interruptible.

There are several acceptable ways to treat interruptible customers in the cost of
service study. The first way was discussed by Dr. Sarikas in the 1992 Hydro rate
referral (on pages 506-508 of the hearing transcript). As Dr. Sarikas pointed out
it is not necessary to actually run the cost of service study differently for interruptible

customers. Instead, he argues that all demand related generation and transmission
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costs could be allocated to them, as if they were firm customers. They wouid
simply be given a rate credit representing the annualized savings the utility is
expecting from not having to build generation and some transmission to serve them.
The rate credit would create a revenue shortfall for the utility, and Dr. Sarikas
recommends some type of adjustment clause to collect this shortfall from the firm
customers. The use of such a clause would alleviate the need for treating the

interruptibles differently in the cost of service study.

Another common method for handling interruptible load is to reduce their demand
at the generation and transmission level in the cost of service study. This will in
turn reduce the amount of generation and transmission demand related costs
allocated to them. Any portion of the interruptible customer load that is not

interruptible is treated in the conventional fashion (as firm load).

No matter which method is used, judgement must be used in setting the rate credit,
or in deciding how much to reduce the interruptible customer demand. When
customers have been interruptible for many years, it is reasonable to assume that
some generation and transmission facilities have been avoided by not having to
serve them when capacity is short. There may still be a need to construct certain
localized transmission facilities to serve them at off peak times so this must be
taken into account. If the rate designer can have reasonable assurance that
facilities have been avoided by having interruptible customers, their entire demand
at that level may be reduced to zero in the cost of service study. This latter

practice is sometimes perceived as unfair, especially if the rate designer knows that
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generation and transmission facilities have large energy cost relationships that have
been treated as demand related. For instance, if all generating plant is classified
as demand related and allocated that way, reducing interruptible customers
demands to zero at the generation level would mean they would not contribute to

the fixed generation costs while receiving its benefits.

Another problem exists in deciding how to treat new interruptible customers for
which no facilities have yet been avoided. Until such time as new capacity would
be needed to serve all customers, these interruptible customers have a smaller
capacity related value to the utility, nor is it likely they would be interrupted. A strict
application of giving credits only at such time as facilities are avoided would result
in no interruptible demand reductions or rate credits. This scheme would not be
likely to attract many interruptible customers. Since interruptible customers are
desirable to avoid expensive new facilities, most utilities like to attract them. In that
sense, they are like other demand side management programs. We must start

them now to have them when we need them.

What is often done in the case of interruptible customers, like the future Hydro
interruptibles we are discussing here, which will avoid only future facilities, is to
calculate the future savings they may create. Some portion of this savings is then
present valued and distributed as a credit over the life of the interruptible contract.
If the entire value of the future savings is given to the interruptible customers there
is little benefit to other customers from having them on the system. For that

reason, only some portion of the savings necessary to attract and keep interruptible
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1 customers is returned. Any lost revenues in the current period can be accounted

2 for in the cost of service study or could be applied to a recovery clause. Where the
3 lost revenues are uncertain the clause may be preferable.

4

5 At the time interruptible customers become a reality, | would recommend that the
6 exact details of the impact on cost allocation among customer classes should be
7 reviewed by the Board.

8

9 Vil Impacts of Changes on Customer Classes
10

11 Q. Have you calculated the impact of your proposed changes in the cost of
12 service study methodology on the individual Hydro rate classes?

13 A. Yes. | have. In order to calculate the class revenue impacts of the proposed cost

14 of service changes, NP created a model to replicate Hydro's cost of service study.
15 For simplication, all of Hydro Rural Rate classes were collapsed into one class,
16 Hydro Rural. Also, only the Island Interconnected portion of the model was
17 duplicated, since the breakdown within the Isolated and Labrador Interconnected
18 Systems was not necessary for this analysis. NP's model was used to generate the
19 results for LBB-1. The model was first benchmarked to ensure that it would
20 generate the same results as Hydro’s model by using all the assumptions in
21 Scenario 4 (Hydro’s recommended method) and verifying that the results were the
22 same as RAB-1, Hydro’s results. Both NP's recommended scenario (Scenario 1)
23 and the benchmark to Hydro’s RAB-1 (Scenario 4) are attached as Appendices 2
24 and 3 respectively.
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LBB-1 shows the revenue impact on NP and the Industrials under four scenarios.
Scenario 1 represents the cost of service methodology | am recommending. It uses
the equivalent peaker method to classify generation plant. Hydro’s actual historical
peaker cost of $340/KW is used as its basis. Fuel is classified as 100% energy
related, except combustion turbine fuel, which is 100% demand related.
Transmission terminal equipment and substations are classified as 100% demand,
with transmission lines themselves 50% demand and 50% energy related. Facilities
serving only Hydro Rurals and previously (until Hydro’s last referral) assigned to
these customers, have been directly assigned to Hydro Rurals here. Finally, the
average of each classes’ 5 winter month coincident peaks have been used to
allocate generation and transmission demand related costs. This scenario, which
| recommend as the most causally based, results in a revenue requirement of

$189.3 million to NP and $48.4 million for Island Industrials.

Scenario 1 can be contrasted with the revenues allocated to the classes under
Scenario 2, the 1977 method approved by the Board (per RAB-2). The 1977
method classified generating plant 50% demand and 50% energy modified by the
actual capacity factor of the plant compared to system capacity factor. Plants that
have capacity factors which exceeded the system capacity factor received more
energy weight under this method. Fuel costs at each generating unit were
classified to demand and energy according to this modified 50/50 demand/energy
classification method. All transmission plant was classified 50/50 demand/energy,
and the facilities serving only Hydro Rurals on the Great Northern Peninsula were

directly assigned to them. Both generation and transmission demand related costs
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were allocated with the average and excess demand (AED) allocator. There was
no rural revenue deficit allocated in 1977, but it was allocated 100% on revenue in

this scenario to be consistent with RAB-2.

The results for Scenario 2 show $193.6 million and $45.0 million allocated to NP
and Island Industrials, respectively. The $3.4 million shift from Island Industrials to
NP is caused by the fact that the 1977 method was more heavily weighted towards
demand than in Scenario 1, the NP recommended equivalent peaker method. This
is true even though generating plant has been classified to demand and energy
before using the AED method to allocate costs. Effects such as these are exactly
why | disagreed with Hydro’s contention in the 1992 Rate Referral that to pre-
classify any portion of thermal generating plant as energy related was "double
counting”. The pre-classification may be semantically "double counting” but the

important question is how close we get to a correct result.

Both the AED methodology and the equivalent peaker methodologies are
characterized by the 1992 NARUC Manual as energy weighting methods which are
required because, "...there is evidence that energy loads are a major determinate
of generation plant costs.” (NARUC 1992 Electric Utility Cost Allocation Manual,

page 49).

Scenario 3 was run to test the sensitivity of the NP recommended approach to the
assumptions used in Scenario 1. The philosophy behind Scenario 3 was to create

a method which was still causally based, but one in which demand was very heavily
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weighted. In addition, the allocation of the rural deficit was assumed to go to 100%
revenue. In Scenario 3, the cost of the equivalent peaker was doubled from the
actual historical costs Hydro reported. All transmission was assumed to be 100%
demand related. The facilities previously assigned to Hydro Rural customers were
kept that way. The average of the 5 monthly coincident peaks (5 CP) was used to

allocate generation and transmission demand related costs.

The results for Scenario 3 show that even giving too much weight to demand in a
causally based method does not result in allocations to NP and Island Industrials
much different than the 1977 method. The $195 million and $43.8 million allocated
to NP and Island Industrials in Scenario 3 compares to $193.6 million and $45

million in the 1977 method, shown in Scenario 2.

Scenario 4 was run using Hydro’s recommended methodology. In this method, all
generation plant is classified as 100% demand related. All fuel is energy related.
Transmission plant is also assumed to be 100% demand related. The rural revenue
deficit is allocated 100% on revenue. Facilities serving only Hydro Rurals on the
Great Northern Peninsula were treated as common to all customers, and the AED
method was used to allocate generation plant. Transmission plant was allocated
using single coincident peak (CP). The results of Scenario 4 show that this method
results in $8.1 million and $3.8 million more revenue allocated to NP than the more
causally based method in Scenario 1, and the Board approved 1977 method in
Scenario 2, respectively. The effect occurs because Hydro’s recommended method

is too heavily weighted towards demand.
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Given that the revenue requirements allocated to NP by Hydro’s
recommended method are less than 5% greater than the method you
recommend, should the Board really be concerned about which cost of
service method is used?

Yes, even though the differences between the cost of service revenue allocations
may appear small in percentage terms on LBB-1, $8 million is still a lot of money.
In doing a comparison of this kind, one must remember that NP is by far Hydro’s
largest customer. This means that any change in revenue responsibility between
NP and the Industrials will not represent a large percentage increase to NP’s
purchase power costs. If we do the same sort of comparison on the Industrials, we
see that Hydro’s proposal reduces the Industrials revenue responsibility by as much

as 13.6%.

Cost of service studies are also used for more than just allocating total revenue
requirements to the classes. Another important use for the cost of service studies
is in rate design within a class. The starting point for rate design is often times
something called the "per unit costs" or "unit costs" from the cost of service study.
Unit costs are derived for demand, energy and customers for each class by dividing
the associated demand, energy and customer related revenues of the class by the
amount of demand and energy sold, and the number of customer bills which will be
rendered in the year. These unit costs are then compared to the demand, energy
and customer rate components to see the extent to which each rate component

reflects cost.
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An example of using unit cost for rate design might be instructive. Assume that a
cost of service study produces unit costs for demand and energy of $10/kW-month
and 4¢/kWh. If the existing rates were $6/kW-month and 6¢/kWh, we could

conclude that the demand cost was too low and the energy cost too high.

The per unit costs for demand and energy between Hydro's recommended cost of

service method (Scenario 4) and the one recommended by NP (Scenario 1) are

quite different as the table below indicates:

COMPARISON OF DEMAND/ENERGY SPLITS

Demand Unit Cost Energy Unit Cost

($/kW - month) (¢/kWh)
Scenario 1
NP’s Recommended Method '
Newfoundland Power 5.11 2.950
Island Industrials 4.80 3.000
Scenario 4
Hydro’s Recommended Method 2
Newfoundiand Power 10.95 1.530
Island Industrials 10.52 1.542

' Appendix 2, page 2, lines 719-720

2 RAB-1 (Rev), page 6 of 60, lines 1 - 2
The demand unit costs for Scenario 1 are one-half those of Scenario 4. The unit
energy costs, on the other hand, are double in Scenario 1. Demand and energy
rates derived from these two approaches would also be very different. The unit
energy costs of Scenario 1 are roughly equivalent to the marginal energy costs from

Holyrood (about 3¢/kWH). It is a common practice to make sure that the energy
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run-out rates (rates for the last energy block) are close to short run marginal energy
cost. Unit costs from Scenario 1 would certainly come closer to being directly

useable for rate design than unit costs from Scenario 4.

Finally, the relationship between demand costs and energy costs may change when
Hydro adds new plant. If the Labrador Infeed line from Churchill Falls ever
materializes, the large capital expenditure will be justified primarily on energy
savings. Therefore, the transmission line from Churchill Falls should have an
energy weighting greater than the 50% recommended in Scenario 1. Adopting an
approach which is causally based now should ensure that the proper relationship

between demand and energy is maintained in the future.

Recommendations to the Board

Based on your examination, please summarize your final recommendations

to the Board on these matters.

After examining the evidence, my recommendations on the proper cost of service

method for Hydro are as follows:

(1) That Hydro functionalize generation, transmission and distribution plant
serving only Hydro Rural customers only to Hydro Rural, and not as common;

(2) That Hydro classify hydraulic and thermal production plant between demand
and energy based on an equivalent peaker method;

(3) That Hydro classify transmission lines as 50% related to demand and 50%
related to energy, and substation and transmission terminal equipment as

100% related to demand;
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4)

(5)

(6)

That Hydro allocate the demand related portions of hydraulic and thermal
production plant and transmission plant to the rate classes based on a 5 CP
demand allocator. Energy related costs should be allocated on energy
weighted for losses;

That Hydro allocate the Hydro Rural revenue deficit between Labrador and
Island Interconnected customer classes, 50% on revenues and 50% on
energy; and,

That at the time interruptible customers become a reality, the exact details of
the impact on cost allocation among customer classes should be reviewed by

the Board.
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Newfoundland Light & Power Co. Limited LBB-1
Summary of Cost of Service Scenarios Page 1 of 1
Scenario Revenue Allocated to Classes
Island Labrador Labrador Rural
NP Industrials Industrials Interconnected Total
$(000's) _$(000's) $(000's) $(000's) $(000's)
1. Recommended by NP
- $340/kW Equivalent Peaker Generation Classification 189.3 48.4 5.0 11.6 2543

- Fuel 100% Energy except Gas Turbines 100% Demand

- Transmission Lines 50/60 Demand/Energy; Substation and
Terminal Equipment 100% Demand

- Deficit Allocated 50/50 Revenue/Energy

- Northern Peninsula Directly Assigned

- S5CP Allocator Generation/Transmission Plant

2. Previous (Approved '77 Method)
- Generation 50/50 Demand/Energy Adjusted for Capacity :
Factor (including fuel) 193.6 450 46 11.1 2543
- Al Transmission Plant 50/50 Demand/Energy
- Deficit Allocated 100% Revenue (per RAB-2) '
- Northern Peninsula Directly Assigned
- AED Allocator Generation/Transmission Plant

3. High Sensitivity by NP
- $680/kW Equivalent Peaker 195.0 43.8 43 11.2 254.3
- Fuel 100% Energy except Gas Turbines 100% Demand
- All Transmission Plant 100% Demand
- Deficit Allocated 100% Revenue
- Northern Peninsula Directly Assigned
- 5CP Allocator Generation/Transmission Plant

4. Recommended by Hydro
- Generation Plant 100% Demand 197.4 41.8 4.2 10.9 2543
- All Fuel 100% Energy
- All Transmission Plant 100% Demand
- Deficit Allocated 100% Revenue
- Northern Peninsula Common
- AED Allocator Generation Plant
- CP Aliocator Transmission Plant

' Deficit Allocation Method was not an issue in 1977 - 100% Revenue Allocator was used in RAB-2.
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Capacity/Energy Classifications and
Allocations for Generation and
Transmission Plant

Paul L. Chernick
and
Michael B. Meyer

In the current ratemaking system, every electric utility rate case
necessarily covers three conceptually distinct subjects: estimation of
total revenue needs and total revenue deficiency; allocation of total
revenue needs and total revenue deficiency to the various customer
classes (revenue allocation); and allocation of revenue needs within
each customer class to various customers with differing usage patterns
(rate design). As a result of many interrelated factors — such as the
rapid increase in oil prices since 1973, the passage of the Public Utility
Regulatory Polices Act of 1978, and the widespread recognition of the
benefits of increased conservation incentives and of prices more accu-
rately reflecting the costs of service — a major reform movement is
under way in the United States to modify the way in which the elec-
tric utility industry accomplishes the revenue allocations among cus-
tomers within classes, usually referred to as rate design. Initiatives
to institute time-of-use pricing, marginal cost pricing, and lifeline rates
are only a few examples of these suggested rate design reforms.
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By comparison, although the second step in the ratemaking process,
which involves revenue allocations between customer classes, is as
important as the rate design step in every respect, it has so far aitracted
much less attention. This relative lack of attention to interclass reve-
nue allocations exists among regulators, in the academic journal litera-
ture, in the industry’s efforts and attention, and in the positions taken
by would-be rate reformers. In short, the recent flurry of activity, dis-
cussion, and controversy over the rate design process has, by and large,
not affected the interclass revenue allocation process.

The problem can be briefly stated. Revenue allocations are made
to customer classes based upon the estimated costs of serving the
classes. Ilowever, as the costs being allocated in the current rate-
making system are embedded costs,! and as a large percentage of
these are joint costs, these allocations are essentially judgmental and
«annot be rigorously justified by analytical methods. Furthermore,
the present allocation methodologies were designed and adopted in a
time when generation plant additions were not usually made for energy
cost savings purposes, and when the $/kw costs of the different types
of installed generation capacity varied over a much narrower range
than do the various generation technologies currently available. Thus
the present allocation methodologies require reexamination for two
reasons: their lack of a rigorous analytical justification, and their non-
responsiveness to current generation planning considerations.

This paper first describes the traditional solution to the revenue
allocation problem as it is widely applied in the United States today.
It then recommends an improvement to the current practice, focusing
upon the causes for constructing different types of generating capacity
in terms of $/kw of capital cost, ¢/kwh of energy cost, and expected
capacity factors. The last section offers brief concluding remarks.

The Traditional Solution

The interclass revenue allocation problem (the second of the three
ratemaking steps) has traditionally been solved itself in three steps.
First, costs are functionalized in production, transmission, subtransmis-
sion, and distribution cost categories depending upon the purpose
served by the operating expense or capital expenditure. Second, these
costs are classified as energy related, demand related, or customer re-
lated. Third, the demand portions of these costs are allocated by some
method to the various customer classes.?
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Functionalization can be bascd upon fairly clear-cut engineering
considerations for most capital expenditures. With the exception of
the joint cost problem, which appears for some overhead and admin-
istrative expenses, functionalization is not very controversial; it is quite
uncontroversial as to the capital expenditures under consideration
here, for example, for generation and transmission plant.

The steps of classification and allocation, however, are potentially
quite arguable, at least as they are currently applied to generation and
transmission plant capital expenditures. First, all or essentially all
costs for these items are joint costs. With few exceptions, generation
plant capital expenditures are usually classified as entirely demand
related.® Second, once the generation plant capital expenditures are
classified as entirely demand related, they are then allocated to the
various customer classes by essentially arbitrary (but long-established)
methods, such as the contribution to system coincident peak, the non-
coincident peak, the average-and-excess, the weighted average of the
contributions to summer and winter peaks, or the twelve monthly
peaks methods.

The second step, which currently classfies all (or almost all) genera-
tion plant to demand, does not appear to be justified in view of the
fact that different generating technologies (with different $/kw and
¢/kwh costs) are installed to serve different parts of the load duration
curve at different load factors. In other words, a large percentage of
generation plant capital costs are currently incurred to minimize total
generation costs, including energy costs [Crew and Kleindorfer 1976;
Wenders 1976].

The third step, which currently allocates all demand-related gen-
eration plant capital costs to peak or some intuitively derived alternate
measure of peak, is not justified because it is well established that off-
peak demand contributes measurably to total system reliability needs
[Vardi and others 1977; compare Kahn 1971 at 1:89-103].

Indeed, the traditional solution tends to conflate the problems of
classification and allocation. It may be hypothesized that much of
the motivation for the use (in step three) of allocation methods other
than the contribution to coincident system peak method stems from
a desire on the part of electric utilities to correct in some rough and
intuitive fashion for the problems caused by the classification (in step
two) of all generation plant capital expenditures to demand, which,
in fact, appears to understate substantially the energy-related portion
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of thesc expenditures. In other words, it scems plausible that the util-
ity industry is attempting to compensate for the under-recognition of
cnergy-related expenses in step two by intuitive means in step three,
through the use of allocation methods other than the contribution to
system peak method, although no attempt is made to measure the
relative size of the “mistake” and the corresponding “correction.”

The Minimum-Cost Reliability Serving Method

We believe a set of classification and allocation principles may be
derived which can satisfy the concerns raised above. Since cost classi-
fications are more a matter of subjective measures of equity than of
objective measures of efficiency, the derivations will not consist of
the mathematical progression of equations that characterizes the de-
velopment of efficient pricing structures. Rather, we will present a
serics of principles, joined by logical arguments and occasionally

restated in the form of equations. We start with our fundamental
principles:

Principle 1: The reliability related portion of power supply
production investments and nonfuel expenses is the minimum
cost associated with providing the desired reliability level, or
the actual reliability level, if that is lower. The remaining
power supply production costs should be classified as energy.

This principle embodies a “reliability first” conception of system
planning. When the utility builds generation capacity it first concen-
trates on maintaining adequate reliability; only after a reliable system
is provided do the planners turn their attention to fuel cost reductions.
Since both system reliability and energy costs are designed in simul-
tancously, the reliability first assumption refers more to a conceptual
hierarchy of priorities than to a temporal sequence.!

We base our classification technique on the reliability first prin-
ciple for two reasons. First, we believe it is historically correct. Sys-
tem planners have traditionally been more worried by the prospect
of disconnecting customers and shedding load than by an increase in
running costs. While attitudes may have changed somewhat in the
1970s, due to large increases in fuel costs, most utility systems prob-
ably embody this order of priorities. Second, Principle 1 provides us
with fairly specific and tractable directions for deriving a classifica-
tion scheme. While implementation of the principle is not without
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complicalions and controversy, it is relatively casy to determine wheth-
er a classification approach is generally consistent with it. We rec-
ognize that Principle 1 is not the only contender for a fundamental
principle of classification, and we present alternatives in Appendix A.

Principle 1, and other classification principles, are stated in terms
of dividing power supply costs into cnergy-related and reliability re-
lated components. The use of reliability in lieu of the more common
term demand reflects our concern that the latter has been too long
associated with peak load and capacity, and that old habits of thought
are hard to break. In reassessing the relationships among capacity,
reliability, and load shape, it is advantageous to start with as clean a

slate as possible.

The confusion between reliability serving costs and the larger class
of capacity costs (or fixed or capital costs) is deeply rooted in the
utility industry and often confuses analysis of a variety of issues. For
example, a recent article on load management and oil-backout policies
concluded that the Long Island Lighting Company (Lilco)

can justify having higher reserves than required for reliability . . . to
substitute nuclear base-loaded plants for oil base-loaded plants. As
Lilco’s systemn becomes more heavily nuclear the relationship of its
fixed costs to its variable costs will change substantially. Nuclear
plants have relatively high-capital costs and low-fuel costs; whereas,
oil plants have relatively low-capital costs and high-fuel costs. If we
assume that future rates will generally track costs, then demand-
related charges will have to rise in relation to energy-related charges.
Then assuming all other things being equal for the moment, rates for
low-load factor customers will rise faster than rates for high-load
factor customers. Since residential customers, as a class, almost al-
ways have significantly lower load factors than the industrial cus-
tomer class, one result from Lilco’s converting to a lower cost operat-
ing system through installing nuclear plants is likely to be relatively
higher residential rates in respect to industrial rates [Koger 1980].

In other words, the implicit assumption that capital costs must be
recovered from demand-related charges leads Koger to conclude that
residential customers should pay for the nuclear plants that are built
to reduce the industrial customers’ fuel charges. Clearly, a new mode
of thinking about fixed costs is required.

Another set of clear examples of the inadequacy of the prevalent
allocation of all fixed costs to demand involves the treatment of fuel
storage and treatment facilities. If an oil desulfurization unit, or a
coal gasifier, is owned by a supplier who sells the high quality product
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to the utility, the cost of the treatment facility is rolled into the fuel
cost and is therefore treated as an energy charge. If the uility buys
is own treatment facilities, they would generally be treated as part
of fixed plant and allocated to demand. In either case, the treatiment
facilities serve exactly the same purpose: to reduce fuel costs. All
extra fixed costs incurred to reduce fuel costs are clearly energy related,
regardless of whether the extra cost is located at a supplier’s plant
or beside the utility’s generator. The same is true of the additional
cost of a coal plant as compared to a less expensive gas-fired plant:
The incremental investment is a fuel-saving measure and should be
classified as energy serving.®

Principle 1 implies that the reliability related portion of a power
supply system is the lowest cost system which would provide a par-
ticular level of reliability. Certainly, reliability users should not be
charged for more reliability than they are actually receiving, so the
reliability of the reference, low-cost system need never excced actual
levels. Where the actual reliability is greater than or equal to target
reliability, the reference system should generally be designed to the
target levels. This follows from the observation that excess capacity
is generally the result of the long lead times of base load units (which
caused accidental overcapacity starting around 1974 in many parts of
the country) and of the effort to replace oil and gas-fired generators
with other fuels (which will cause intentional overcapacity in-the
1980s). In general, the hypothetical minimum-cost reliability serving
system will consist of relatively small units with short lead times and
will not consider fuel costs at all. Thus, the reference system should
not incorporate overcapacity, unless unusual circumstances (such as
a very abrupt drop in load) suggest that the overcapacity would have
occurred even to an all-peaking system.

Principle 2: For any generation unit built after 1963, the re-
liability related cost is generally that of an array of gas tur-
bines with the same contribution to reliability and of the same
vintage.

Gas turbines are chosen as the standard reference system because
they are cheap and site independent. Under some circumstancs, other
types of capacity (building conventional or pumped hydro, retaining
obsolete generators, special purchase agreements) may be known to
be cheaper for some amount of capacity; this will vary among systems,
depending on the extent of current hydro development and purchases
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and of information on past and future options. Where identified, such
cheaper capacity should be used as the basis for reliability/cnergy
classifications. The 1963 cutoff was chosen to reflect the fact that
gas turbines were not widely available prior to that date, as evidenced
by the fact that the IHandy-Whitman price index for gas turbines
originated in 1964.

We interpret “the same contribution to reliability” to mean the
effective load carrying capability (ELCC) or something quite similar.
ELCC [Garver 1965] is the amount of additional firm load that a
generating unit allows a system to accommodate without violating
its reliability constraint. Thus, if the system can carry 11,000 MW
without the unit, and 11,500 MW with it, the unit’s ELCC is 500 M\V.

Ideally, it would be desirable to model the ELCC of each unit in
the utility’s actual system to reflect the effect of the utility’s load curve,
generation mix, and tie lines. Since the ELCC of a large marginal
unit increases as the number of such units increases (the sixth 500 MW
coal plant has a higher ELCC than the first), the ELCC of each unit
should ideally be determined by adding the units in chronological
order to the current system of pre-1964 units and peaking units. This
level of detail and specificity will not always be possible; we suggest
a simplified alternative below.

One might also wish to construct the reference system from the
actual system on a unit-by-unit basis, accounting for plant in service,
return, non-fuel O&M expense, accumulated depreciation, deferred
taxes, depreciation expense, property taxes, and income taxes to de-
velop a total cost in the rate year for each unit. There are three
drawbacks to this approach. First, the calculations may be very time
consuming for systems with many units and may be virtually impos-
sible if units within a plant (possibly of very different sizes, vintages,
and ELCC’s) are aggregated in the available accounting data. Second,
the components of the reference system must be “aged” to determine
accumulated depreciation, deferred taxes, additions to capital cost,
and property taxes, which requires assumptions regarding past and
present tax treatments, depreciation rates, and capital additions. Third,
if accumulated depreciation is reassigned from demand to energy along
with the associated plant, the (low load factor) groups who paid for
depreciation expense in the past will not generally receive the bene-
fits of the accumulated depreciation they contributed; thus, the de-
tailed accounting does not, in itself, produce as great an increase in
equity as might be hoped.
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In a previous application [Meyer and Chernick 1980], we simpli-
ficd the modeling by assuming that all current cost components (ex-
cept O&M) vary in proportion to initial construction cost, so that for

unit 1,
CGTi = CM(BY) X II,?\"(,(CI%P)) x ELCF: X MW, (1)
where
CGT; = cost of a gas turbine equivalent to unit i under the
terms of Principle 1; '
CM(BY) = cost per MW of gas turbine index as of the base

year;

HW(COD) = Handy-Whitman gas turbine index as of the com-
mercial operation date of unit i;

HW(BY) = Handy-Whitman gas turbine index as of the base
year;
ELCF: = cffective load carrying factor, defined as (ELCC/
MW for unit i + ELCC/MW for gas turbines); and
MW; = capacity in MW of unit i.
For nonfuel O&M expense for unit i,
OGT: = OM X ELCF(i) X MW(i), (2)
where
- OGT; = O&M expense for unit i attributable to reliability;
and
OM = current year nonfuel fixed O&M cost/MW for gas
turbines.

Principle 3: Steam units built prior to 1964 in primarily ther-
mal systems may be regarded as entirely reliability related,
unless a hydroelectric or other specific alternative was avail-

able,
Before 1964, units were not so specifically designed for peak or

base load service; older units generally served as peaking plants, and
the newest units provided the base load. Among today’s base load
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plant types, before 1964 nuclear units were rare and heavily subsi-
dized, while coal units, much less encumbered than at present by
environmental regulations, were not much different in terms of ini-
tial capital cost per kw of capacity from oil-fired steam units. Before
the gas turbine, the only real peaking alternative for thermal systems
appears to have been the diesel, which has rarely been used on a
large scale. For systems on which a reasonable series of diesel cost
estimates can be developed, perhaps the method we suggest for post-
1963 units can be pushed back some years. For systems with hydro
capacity, the technique discussed in Principle 6 below may be helpful.

In general, the pre-1964 units will not be a large portion of the
power production supply costs for three reasons. First, pre-1964 ca-
pacity is generally a small portion of total capacity. Second, the
original cost of the old units was low; for example, Handy-\Whitman
all steam gencration cost index for the North Atlantic Region in 1960
was 158 versus 505 in 1980. Third, the older units are largely depre-
ciated; even a unit completed in 1963 would be about 50 percent de-
preciated for ratemaking purposes by 1980, and older units would be
cven more depreciated. Thus, the classification of old units will not
generally be very important to the final allocations.

Exceptions may arise if old units have recently added pollution
control or fuel conversion equipment, which would not have been
necessary if the unit were a peaking plant for which the cost of fuel
was relatively unimportant. Such equipment, especially in the case of
coal conversion projects, may have a larger effect on rates than does
the remaining balance of the unit and is generally 100 percent energy
related.

Principle 4: Where construction work in progress (CWIP) is
included in the rate base, only the CWIP which would have
accruced on a gas turbine of similar service date is attributable
to reliability; the remainder is energy related.

One recason base load plants are so expensive is that they take a
long time to build, during which period interest charges must be paid.
If the interest portion of the construction cost is to be transferred to
the rate payers, then the energy users, who receive most of the bene-
fit from the plant, should also bear most of that interest cost.

Where CWIP is an extraordinary measure, permitted only for es-
pecially expensive investment, the gas turbine equivalent would have
resulted in no CWIP at all, and all CWIP charges may be attributable
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to energy. This is particularly true when the unit for which CWIP
is allowed is not required for reliability in the near future. If CWIP
is allowed on all generation, then the amount of the CWIP on unit
i in year Y attributable to reliability is

. , HW(COD) N .
7 ; = P A 7
CWGCTi = CM(BY) X W (BY) X ELCF(i) x MW(i) X
F(COD — Y) X P, (3)
where
F(t) = the fraction of the final cost of a gas turbine which is in-
vested ¢ years before the COD; and
I 4 = fraction of CWIP allowed in the rate base.

The F function is probably an S-curve, but we approximate it
linearly as

F(t) = (L—t)/Lfor L >t 0for L <, (4)
where

L = construction time for gas turbines.

Two problems arise in applying Equation 3. First, COD is an es-
timate and, especially for nuclear plants, probably an underestimate.
Using utility estimates of COD will frequently overestimate F. Sec-
ond, again because COD is an estimate, HW(COD) must be syn-
thesized from a recent IIW and an anticipated inflation rate. Neither
difficulty is insurmountable and neither should obscure the basic re-
ality; only a small portion of CWIP is attributable to reliability.

Principle 5: Amortization of the cost of a canceled generation
project should only be assigned to reliability to the extent
comparable costs would have been incurred for an equivalent
gas-turbine addition planned for the same COD.

The same principles apply here as in the case of CWIP. Base load
plants require extensive advance preparation which is sometimes lost
when events render further development impractical or inappropriate.
In the mid-1970s, falling demand and rising oil prices resulted in can-
cellation of several oil-fired plants on which sizable sums had already
been expended. More recently, regulatory actions, budget constraints,
and continued conservation have resulted in the cancellation of nu-
merous nuclear units.
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In most cases, thesc cancellations occurred long before a gas-turbine
project with the same planned COD would have required much com-
mitment beyond (at most) land acquisition. Since the value of the
site is scldom included in the amortization, essentially no amortization
would have been necessary if gas turbines had been planned instead
of base load units.

Principle 6: For high load factor hydroelectric facilitics built
prior to 1963, the reliability related portion can be determined
from the cost per kw for pumped hydro storage or a low load
factor conventional hydroclectric facility of the same vintage.

Just as thermal plants are built more expensively than would be
nccessary if they were solely designed to meet reliability nceds, so
are hydroelectric plants. In the case of thermal plants, additional in-
vestment (in the form of building steam plants rather than gas turbines)
buys lower heat rates (in Btu/kwh) and the ability to use cheaper
fuels (in ¢/Btu). In the case of hydroelectric plants, additional invest-
ment buys higher capacity factors through such devices as larger
capacily storage ponds. In either case, the additional cost is incurred
to reduce fuel costs and accommodate high load factor customers and
therefore should be classified as energy related.

Isolating the reliability related portion of hydroelectric facility costs
involves two problems not encountered in analyzing thermal systems.
First, hydroelectric plants exist on a continuum of capacity factors,
from base load units (which may operate at 70 percent or greater ca-
pacity factors), to peaking units (which operate at capacity factors
below 20 percent), to pumped storage hydroelectric units (which con-
tribute no net energy and are designed for varying storage cycles).
It is not always obvious what type of hydroelectric plant would rep-
resent the portion of the actual plant attributable to reliability. Second,
unlike gas turbines, hydroclectric capacity costs ($/kw) are highly
site dependent. Thus for each utility system, the cost of an additional
kw of hydroelectric capacity varies with the amount of hydroelectric
capacity already installed as well as with the capacity factors of the
existing systemn and of the additions to the system. Therefore, some
technique must be devised to separate the reliability serving portion
of hydroelectric capacity on a utility-specific basis. (In some regions,
such as New England, in which utilities commonly own generation out-
side their service territories, the perspective may be broadened to the
region. This ameliorates, but does not remove entirely, the problem).
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The first problem may be resolved by reference to the utility’s load
curves. On a system which experiences sharp, short-duration peaks,
very low load factor pumped storage plants might provide adequate
reliability; on a system with broader peaks and relatively high off-peak
loads (precluding pumping), conventional hydroelectric facilities with
higher capacity factors may be nceded to carry load. An approxima-
tion to the capacity factor nceded to replace the hydroclectric portion
of a utility system can be determined from the load factor of the por-
tion of the load duration curve corresponding to the installed capacity.
Figure 1 illustrates this approach for a utility with 30 percent of its
capacity in hydroelectric units. Note that serving the top 30 percent
of the load duration curve requires a capacity factor of only about
10 percent. A more rigorous approach to selecting the reliability-
serving hydroelectric component would involve the application of
simulation models to determine the amount of each type of hydro-
electric capacity required to maintain the reliability constraint; the
least expensive alternative would be the reliability serving substitute
for the existing hydroelectric capacity.

The second problem, relating to the variability of hydroelectric
capacity development costs, can be resolved in several ways, depend-
ing on the kind of capacity which is being treated as reliability serving
and on the extent of specific data about the system. If pumped storage
hydroelectric capacity is an appropriate substitute for existing capac-
ity, the cost of that pumped storage capacity may be available from
site-specific or from generic regional studies.® Similarly, the cost of
developing new low load factor hydroelectric facilities, or increasing
the installed capacity (while decreasing the capacity factor) at exist-
ing sites, may have been previously established.”

If such economic studies are not available for enough low capacity
factor sites to establish an alternative reliability serving system, or if
such studies have excluded the most economical sites, currently occu-
pied by high capacity factor hydroelectric facilities, it may be possible
lo estimate a general regional relationship between the capacity factor
of a hydroelectric development at a site and the $/kw cost for that
site. For example, an “economy of intensity” relationship, analogous
to the traditional economy of scale, might be estimated as

cost of plant 1 ($/kw) _ l:capacity factor of plant 1]"',

cost of plant 2 ($/kw) ~ | capacity factor of plant 2 (5)
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Figure 1. Calculation of Required Hydro Capacity Factor for Typical Load Du-
ration Curve and 30 Percent Hydro Capacity

where plants 1 and 2 are alternative hydroelectric developments at
the same site, and m is the economy of intensity factor. Once the
value of m has been determined for a representative set of hydro-
clectric sites, Equation (5) could then be applied to other representa-
tive sites by letting plant 2 be the existing facility (with known cost
and capacity factor), assigning plant 1 the desired capacity factor for
the reliability serving plant, and solving for the cost of plant 1 at
the site of plant 2. Of course, alternative formulations of Equation
(5) are possible. Furthermore, to the extent that they are available,
detailed site-specific cost studies would be preferable to any such
extrapolation.

Whether established through detailed studies or by a generalized
relationship, the total low load factor, low cost hydroelectric capacity
which could be developed at existing sites will generally exceed the
actual installed capacity at those sites. In addition, considerable con-



60 Capacity/Energy Classifications and Allocations

ventional and pumped hydroelectric capacity may be available at new
sites. The cost of this excess of reliability serving hydroelectric capac-
ity, beyond that which would have been required to serve the same
rcliability as the existing hydroelectric capacity, can be used as the
reliability serving component of the pre-1964 stcam capacity (assum-
ing the excess hydroelectric capacity is less expensive than the pre-
1964 steam plants) and of the post-1964 generating capacity (assuming

the excess hydroelectric capacity is less expensive than the gas turbine
of equivalent ELCC).

Principle 7: The reliability related cost of the power supply
transmission is the cost of the minimum transmission system
required to interconnect the minimum-cost reliability serving
generation alternative to the utility system’s load centers.

For most utilities, large portions of the transmission system exist
to minimize total energy costs rather than to maintain reliable service.
For example, some transmission lines are required solely to connect
remote base load plants to the rest of the transmission grid. These
remote base load plants are, of course, largely energy serving, and
the motivation for their MWV size, fuel type, and remote location are
connected to their energy rather than their reliability aspeets. Simi-
larly, transmission lines connecting a system’s load centers must be
reinforced to accommodate the large and variable power flows result-
ing from the existence of large units and their consequent “lumpy”
dispatch patterns and outages. Further reinforcement is typically
added to allow for economic dispatch of the base load generation over
a variety of load levels, spatial distributions of loads, gencration out-
ages, and transmission outages. If the generation system consisted
solely of small gas turbines located near load centers, fewer miles of
transmission lines would be needed, and the remaining lines would
have lower kva capacities. The same result would generally apply
for a generation system consisting of old steam units, as these were
generally located close to load centers, so long as no provision was

made for economic dispatch among the system’s various steam genera-
tion units.

The minimum reliability serving transmission network will thus
be comprised of a set of lines connecting load centers, with some ex-
tensions to peaking hydro facilities, if any. The cost of this system
can be extrapolated from the cost per kva-mile of the existing system,
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disaggregated as necessary by area, voltage level, and location of line
(overhead versus underground).

Principle 8: The cost of tie lines between utility systems
should be considered to be entirely energy serving unless they
serve to replace peaking capacity. To the extent that they do
replace peaking capacity, the reliability serving portion is that
equivalent to minimum-cost reliability serving generation.

In keeping with the reliability first concept of Principle 1, it is ap-
propriate to treat tie lines as entirely reliability serving if they pro-
vide ELCC more economically than peaking capacity could provide
ELCC. If the tie lines cannot be entirely justified on such a basis,
then the reliability serving portion can be identified from Equation (1),
where unit i is a tie line or a set of tie lines to another utility.

Principle 9: Reliability related costs should be allocated to
customer classes on the basis of class contribution to the sys-
tem’s reliability needs.

An appropriate allocator for reliability related costs will have to
reflect what caused the reliability related costs to be incurred. Such
costs are not incurred solely to meet one annual system coincident
peak, or even a few monthly peaks, but to maintain reliable service
throughout the year. Such reliability measures as loss of load prob-
ability (LOLP) and loss of energy expectation (LOEE) recognize the
overall reliability level at each point of the load duration curve and
thus provide the basis for appropriate allocators.

Class contributions to system hourly loads are now estimated by
most major utilities for their PURPA §133 filings, and hourly estimates
of reliability measures, especially LOLP, are widely available from
standard programs. Thus, the class share of reliability serving costs
can be determined as

S(7) = % M(h) X L(j,h) = L(h), (6)
where
S(j) = reliability allocator to class j;

M(Ih) = reliability index, such as LOLP, in hour h;
L(j,h) = load in hour h for class j; and

L(h)

load in hour h for entire system.

Il
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If Equation (6) cannot be estimated, due to lack of data, then some
arbitrary ad hoc allocator may be required. Such an allocator should
reflect as much of the system load duration curve as possible, while
cmphasizing the relatively greater importance of the higher portions
of the curve. In general, appropriate allocations will lie somewhere
between those based solely on peak demand (which recognize only
a few hours at the top of the load duration curve) and those based

solely on energy (which recognize all hours on the load duration curve
equally).

Principle 10: Energy-related costs for each unit should gen-
crally be allocated to customer classes on the basis of class

share of energy use (adjusted for losses) at the times of utili-
zation of the unit.

While a reasonable argument can be made that the energy costs
should be attributed equally to all periods, it appears fairer to time-
differentiate both the fixed and variable components of energy costs.
This procedure recognizes that the classes with high off-peak usage
allow for the construction and operation of generally less expensive
(on a kwh basis) base load plants, while those with heavily on-peak
usage require more expensive (per kwh) peaking or intermediate units.
The assignment of energy costs to periods may be based on actual or
simulated data but should not be unduly sensitive to plant performance
or demand patterns peculiar to the test year.

Finally, the relationship between the methodology proposed here
and the “marginalist” cost allocation methodologies used by several
state commissions (notably California, Montana, and Oregon) should
be noted. Interclass revenue allocations based on marginalist princi-
ples are neither required nor indicated by efficient pricing theory.
Any interclass revenue allocation methodology, whether embedded or
marginalist in nature, by definition creates class revenue constraints
which may require pricing away from “pure” marginal costs. In gen-
eral, it is not possible to determine which interclass revenue allocation
method provides a “better” second-best solution to designing rates;
this is true of both embedded and marginalist revenue allocation meth-
ods. In sum, the reasons for pricing rates at marginal costs (in rate
design) do not necessarily extend to interclass revenue allocations.

In light of this, the embedded cost revenue allocation methodology
proposed here is a reasonable alternative to marginalist revenue allo-
cation methodologies, but it cannot be said to be either more or less
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cfficient (due to the second-best problem) than those. It is thus pre-
sented as appropriate for commissions which, for one reason or an-
other, do not want ta adopt marginalist revenue allocation methodol-
ogies but do wish to modify and improve on the traditional embedded
cost revenue allocation methodologies widely in use today.

Conclusion

Because of the joint cost nature of many of the costs incurred in
the production of electric power, it must be recognized that any inter-
class revenue allocation method is based upon judgment and not upon
principles which can be rigorously derived from cfficient pricing
theory. IHowever, once this is recognized, equity nevertheless demands
that regulators and electric utilities do the best job possible of reflect-
ing the various classes’ responsibility for costs in rates. Given this
necessity, it is submitted that the alternative interclass revenue allo-
cation method advanced here reflects the realities of present genera-
tion planning, in which a large percentage of total generation and
transmission capacity costs are incurred to serve most or all of the load
duration curve and to minimize the total generation (including fuel)
costs. The more traditional methods, which evolved when the capac-
ity costs per kw of the various generation technologies existed in a
narrower range, and when most or all capacity costs were in fact in-
curred in order to serve reliability, do not reflect those realities as
well as does our method.

APPENDIX A

Alternatives to Principle I

The reliability-first principle proposed here as Principle 1 is put forth on
the basis that it appears best to reflect the realities of current generation
planning. However, it is certainly not the only possible basis for revenue
allocations. Alternative approaches include energy-first allocation and load
curve methods. This appendix briefly describes these two possible alter-
natives.

Energy-first allocation would allocate as an energy cost the portion of
generation unit investment costs and operating and maintenance expenses
which is justified on the unit’s fuel-cost savings, with the remaining portion
allocated to reliability. Some difficulty may arise in the definition of fuel
savings; for example, if the generation alternative is an all-gas turbine sys-
tem, some utility systems would find that their entire generating capacity
and associated transmission investments are energy-related by that standard.
The methodology may have some appeal for systems with excess capacity,
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mostly in oil-fired and gas-fired units, which are adding coal or nuclear ca-
pacity explicitly to reduce the use of the oil and gas units. In these cases,
the energy-serving portion can be determined by comparison with the exist-
ing system. Unfortunately, variations in cost (in $/kw) in the new capacity,
which is clearly intended as energy-serving, are reflected in the net classifi-
cation to reliability, which docs not scem appropirate.

With respect to load curve allocation methods, some interesting work
has been started on allocating production costs by fitting units under the load
curve, and allocating responsibility for the generation plant to the customer
classes which use them [for example, Charles T. Main, Inc. 1980]. This ap-
proach is still quite incomplete: Such elementary concepts as reliability
measures and ELCC have not yet been incorporated. Treatment of other
issues, such as excess capacity, is still apparently done on an ad hoc basis
without any substantial foundation. If the conceptual model can be expanded
from the current deterministic form to a more reasonable probabilistic form,
genceralized to recognize the difference between potential contribution to
energy supply (such as the capacity factor or the equivalent availability fac-
tor) and to reliability (such as ELCC), and made more rigorous, allocations
based upon dispatching generators under a load curve may represent a com-
promise between the energy-first and the reliability-first approaches.

Notes

1. One can conceive of ratemaking systems in the future in which this would
not be the case. For example, interclass revenue allocations can be per-
formed using each class’s contribution to marginal costs as the basis for
allocations. Similarly, a “pure” marginal cost based rate design system
would presumably omit the interclass revenue allocation step entirely
and would set each class’s rates based upon class marginal costs modified
by Ramsey pricing, without setting class revenue constraints.

See NARUC [1973] at pp. 53-10 (functionalization), pp. 30-39 (classi-

fications between energy-related and demand-related costs), and pp. 40-

- 53 (allocation of demand-related costs).

3. See NARUC [1973] at pp. 30-33, exempting only some hydro generat-
ing capacity from the general rule that generation plant capital expendi-
tures are demand related.

4. Applications of this principle in current utility allocation practice are
uncommon, but some examples exist. Bonneville Power Administration
[1981] applies simple variants of a reliability first approach for alloca-
tion of both thermal and hydro generation costs.

5. The coal plant can be thought of as a gas-fired plant with a built-in coal
gasifier.

6. For example, NEPOOL has estimated that pumped storage hydroclectric
capacity is available in New England for $315/kw, in 1980 dollars, up
to at least 7,500 Mw [NEPOOL 1977].

7. Such studies for New England include Campbell [1977]; Acres Ameri-
can, Inc. [1979]; and New England River Basins Commission [1980].

1o
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1992 Forecast NP-340PE

Carparisan of Reverue & Allocated Reverue Requirerent

610
w611
612

(b) ()

613 Line

614 No.
L
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617
w18
619
620

850

e
659

Description

1 Newfoundland Power
2 Island Industrial
3 Labrador Industrial
Rural
4 Island Intercomected
5 Isolated Systems
Labrador Intercormected

7 Subtotal Rural

Total

Island Interconnected

[+ ]

Newfoundiand Power
Industrial
10  Rural

0

1" Total

(d)

($000)

Allocated

163,996
41,566
3,78
34,881
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(e)

Reverve

Before

Deficit
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..........
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41,566
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)
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Deficit
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th)

Reverue

Alloc

.........
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Allec
S0% Rev  S50% Energy
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Reverue
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Alloc Ratio
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=61 NEWFOUNDLAND HYDRO 19-AUG-92
662 Sch 1.3.1 Sch 1.3.1
683 Island Intercomected NP-340PE
A
665 Total Demand, Energy and Custamer Amounts
686
667 (b) (c) (d) (e) ) (9 th) (i )] k)
&8
&9 ($000)
670
e 671
62  seeeeeees Before Deficit Allocation------=ccsee c-cceeeq After Deficit Allocation----------
673 Line
_‘674 No. Description Total Demand Energy Custamer Total Demand Energy Custamer
675 ===s- cmcmcccccmeas cceceeccnanes se= emmeeessecs ceccccccs cecmcms ccccecmas ccesecces sececeee-
676
677
i (78
6™ Islard Intercomnected
680
w81 1 Newfoundland Power 163,996 52,248 109,505 2,243 189,309 60,312 126,407 2,590
82 2 Irdsstrial 41,565 8,424 32,173 968 48,441 9,818 37,495 1,19
&8 3  Rural 34,881 3,112
84 eeeeeeese eeemaee
-
685 4 Total 240,442 260,862
8 = ececmeses . ceasess
‘687
w688
&89
690
-t} Sch 1.3.2 Sch 1.3.2
692 ......................
53 Sales Used Sales Deficit
% Demends, Sales & Bills Billing Dams  Sales Bills For Deficit  Alloc.
g5 Allcc. Factor
6% (k) (mwh) (Total No)
w7 Istard Intercomected
fa_> ) S Newfoundland Power 11,805,000 4,284,100 12 4,284,100 0.6822
&9 6 Irdstrial 2,043,300 1,249,200 8 1,249,200 0.1989
700 7  Rural 273,19
_701
702 Labrador Interconnected
703 8 Irdustrial 345,100 345,100 0.0550
704 9 Rural 401,373 401,373 0.0539
-705
06 6,219,773 1.0000
707
-0
709 Sch 1.3 sch 1.3
70 -=-m--e--- seememaceees
m
e ¢ Before Deficit Allocation---======eem  —-cc--ee After Deficit Allocation----------
3
74 Total Demand Energy Custamer Total Demand Energy Customer
w15 0000 eccececsccms emccmceae coscccceees edenconee .-
716 ($/kw) ($/kh) ($/8ill) ($/kw) ($/knh) @Bill)
"7 Unit Demard, Energy & Qustamer Atounts
_718
79 8 Newfourdland Power 4.43 0.0256 186,956 5.1 0.0295 215,813
720 9 Indstrial 4.12 0.0258 11,59 4.8 0.0G300 13,436
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= 301 . NEWFOUNDLAND HYDRO 19-AUG-92
302 sch 2.1A Sch 2.1A
303 Island Intercannected NP-340PE

305 Fuctional Classification of Reverue Requirament

307 (b) () (d) (e) f) (@ h) (i) )] k) )
= 308
309 ($000) Distribution
310 Prod & Spec
e 311 Line Total Prod Trans Trars Rural Substatian Acct Assigned
312 No.  Description Amount Demard Energy Dearerd Trars Demard Other Custarer  Custamer

- 314
315 Expenses
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i 318
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Operating & Maintenance 61,974 16,450 27,952 4,859 2,70 1,28 6,554 1,074 1,116
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S W N -
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Sundry 61 16) (28) ) 3) ) (&) () m
Building Rental Incame (130 @n (78) «n 6) @ ) 0 2]
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Pole Attachments (426) (426)

0V ® N O W

331 10 Subtotal Expenses 120,48 24,805 7%,n7 6,176 3,33 1,485 7,419 1,0M 1,479

11 Interest 110,568 20,878 68,845 9,912 5,360 1,412 2,564 (] 1,5%
w35 12 Disposal Gairvloss 186 35 116 17 9 2 4 0 -3

337 13 subtot Rev Reqt Excl Margin 231,239 45,718 143,677 16,104 8,702 2,899 9,987 1,0m 3,080

340 14 Margin 9,205 1,738 5,731 85 ) 118 213 0 13

32 15 Total Reverwe Requirement 240,444 47,45 149,409 16,929 9,148 3,016 10,200 1,0n 3,213

='3/5
%7
%9

350
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e 355
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- 61 NEWFOUNDLAND HYDRO 19-AUG-92
€2 sch 2.2A Sch 2.2A
&3 Island Interconnected NP-340PE
-
&S Fuctional Classification of Plant in Service for the Allocation of 02M Experses
&6
67 (b) ) (d) () ) (9) (h) (i) 6] ()]
= 8
& (3000) Distribution
0 Prod & Spec
we 71 Line Total Prod Trars Trans Rural Substation Assigned
72 No.  Description Amount Derard Energy Demerd Trars Demend Other Custamer  Custamer
T3 mecoc cmmmecceccene eccccccee ecmacacas  secscoccn cocmmcmee emeseceoc  sescssses  ecceseses  mmamcmees  cemmesses
7
i Prodiction
76 Hydraulic
7 1 Bay D'Espair 170,97 52,284 118,690
i 78 2 Upper Salmon 168,615 22,055 146,560
n 3  Hinds Lake 79,088 15,442 &3,626
80 4 Cat Amm 263,255 35,013 228,242
o 81 5 Paradise River 21,306 6,662 14,664
e 6  Snooks ArmvV Bight 9 0 0 %
g8 | eseesaces  ssscecser euccacea-
8 7 Suwbtotal Hydraulic 703,317 131,456 57,762 0 %
ol
86
8 8 Holyrood 164,95 73,210 Nn,715
we 88 9 Gas Turbines 16,977 16,977 0
8 10 Diesel 3,26 0 ] 3,226
m ......... - e eeoncmsss
- 91 11 Subtotal Production 888,445 221,643 683,677 ] 3,35
92 ...........................
B
% Transmission
e 05 12 Lines 193,468 1,317 69,632 6,632 45,766 7,12
% 13 Terminal Stations 105,729 33,675 0 37,143 8,088 11,80 0 0 15,083
9  eeesesees --
we 8 1% Subtotal Transmission 29,197 %,992 #”,632 106,775 53,834 11,80 0 0 2,145
@  eessssess  essccvecse ecccceece  ecccccses
100
d101 15 Total Distribution 49,617 206 3,976 45,435 0
102 | emessecss csscccman ceecceeoe eececcoes ceccenoe- - s mememeses
103 16 Subtotal Prod Trans Dist 1,837,259 256,81 733,108 106,775 57,159 15,796 45,435 0 22,145
0 | eseessses eceece;es cesseeees cececesas eessscses sscmmmcen scccssees ceesceces cmcoooeeo
ted 105
106 17 General 62,166 12,905 36,835 5,365 2,872 ™% 2,288 0 1,113
107 18 Telecontrol - Common 36,476 7,9% 22,87 3,326 1,91 38
w108 19 Telecontrol - Specific Ky 3
109 20 Feasibility Studies 2,232 1997 214 2 0 0 0
Mo eeesesese csemmcses c;ccecses cmmceesas sescssooc cessesses coscscsae secsecses cececcceo
111 21 Total Plant 1,338,464 2m,737 792,780 115,67 62,004 16,958 47,718 0 3,589
= e e mmmmmmee cemeeeas SR
13
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-
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Hydraulic
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Upper Salmon
Hinds Lake
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10 Diesel
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NEWFOUNDLAND HYDRO 19-AUG-92
Sch 2.3A
Islard Intercomected NP-340PE
Functional Classification of Net Book Value
(d) (e) () (9) (h) (4)) G4 (k) )
($000) Distribution
Prod & Spec
Total Prod Trans Trars Rural Substation Acct Assigned
Anount Demard Energy Demerd Trars Demard other Custamer  Customer
145,046 44,355 100,691
167,332 21,887 145,445
77,552 15, %46 62,406
262,415 34,901 227,51
21,219 6,635 14,584
13 0 0 3
673,577 12,924 550,640 0 13
90,475 40,162 50,313
7,546 7,546 0
4n 0 0 4N
7,08 170,632 600,953 0 484
173,565 1,302 62,658 62,658 42,942 4,005
90,510 27,161 0 R,6MN 7,814 11,152 1,72
264,075 28,463 62,658 9,329 50,756 11,152 0 0 15,7117
27,837 50 2,512 5,205 0
1,063,981 199,145 663,611 95,329 51,240 13,664 5,205 0 15,717
42,751 8,002 26,664 3,80 2,059 549 1,016 0 632
24,687 4,73 15,778 2,267 1,643 265
40 40
2,492 2,240 227 2 0 0 0
1,133,951 214,121 706,053 101,653 54,966 14,478 26,21 0 16,389
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192 No.
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195 Production

197 1 Hydraulic

98 2 Holyrood
1% 3 Gas Turbines

4 Diesel

5 Subtotal Production

-
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7 Terminal Stations
=
8 Subtotal Transmission
210
-itl]
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213 9 Total Distribution
21
215 10 Subtotal Prod Trans Dist
216
A7
w218 11 Custamer Accounting
219
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-] Overheads
22 Plant Related
23 12 Prodxtion
24 13 Transmission
==25 1%  Production & Trans
26 15 Distribution
27 16  Other
w28 17 Property Insurance
229 18 Expense Related
330
31 19 Subtotal Overheads
i)
33
B4 20 Tot Oper & Maint Expense
-235
36
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-3
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205 Transmission
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NEWFOUNDLAND HYDRO 19-AUG-92
Sch 2.4A
Island Intercomnected NP-340PE
Fuctional Classification of 08M Experses
(d) (e) f) (9) h) (i) (4 k) )
(3000) Distribution
Prod & Spec
Total Prod Trars Trars Rural Substation Acct Assigned
Amount Demand Energy Demard Trars Demard Other Custarer  Custamer
7,528 1,407 6,120 0 1
13,907 6,173 7,734 0 0
81 an 0 0 0
268 0 0 0 268
2,514 8,3 13,854 0 %5
4,389 30 1,580 1,580 1,038 162
3,324 1,059 0 1,168 54 3 0 472
7,713 1,089 1,580 2,767 1,292 K173 4] 0 &34
4,230 18 39 3,873
34,457 9,498 15,433 2,77 1,561 m 3,873 0 &34
662 682
49 126 373
210 5 49 b 38 8 16
201 43 124 18 10 2 4
168 1 13 154 0
3,54 69 1,928 281 150 42 115 0 58
653 167 437 28 10 10 10
21,883 5,913 9,608 1,710 ore 442 2,611 412 3%
26,858 6,952 12,519 2,112 1,1 518 2,681 412 [2. )
61,977 16,450 27,952 4,859 2,740 1,228 6,554 1,07 1,116
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- 241 NEWFOUNDLAND HYDRO 19-AUG-92
242 Sch 2.5A Sch 2.5A
243 Islard Intercomnected NP-340PE

24
245 Functiomal Classification of Depreciation Expense
26
227 (b (c) (d) (e) f) (9 h) (i) §)) k) {9

=248
%9 ($000) Distribution
50 Prod & Spec

-B1 Lire Total Prod Trars Trans Rural Substation Acct Assigned
&2 No.  Description Amount Demard Erergy Demand Trans Demard Other  CQustarer  CQustamer
B3 ~mmee cemmcammmmmee eececeses -

54

x5 Production
56 Hydraulic
&7 1 Bay D'Espair 701 216 487

-’58 2 Upper Salmon 222 2 193
29 3  Hinds Lake 24 47 19
290 4 Cat Armm 189 S 164

d261 5 Paradise River 32 10 2
282 6  Snooks ArmyV Bight 1 0 0 0 1
-~
264 7 Subtotal Hydraulic 1,386 326 1,059 0 1

o eecsess mmcccccas  emmmecses  sccsccees  smecoeeme
256
67 8 Holyrood 7,418 3,293 4,15

b8 9 Gas Turbines 806 806 0
29 10 Diesel 56 0 0 0
20 cecaseees -

‘271 11 Subtotal Production 9,666 4,426 5,18 0 57
2r
273
27 Transmission

w75 12 Lines 1,180 3 445 445 209 ~
276 13  Terminal Stations 1,18 45 0 49 48 8 200
mn .- ---

w2/8 14 Swbtotal Transmission 2,365 428 445 874 57 8 0 0 n
m -an [ ercssacee secocecas Scemsevens EEAEEStes cesmsmaseas  SoceEeeEs 2 eemceeman
280

-;; 15 Total Distribution 1,121 3 105 1,013 0
283 16 Swbtotal Prod Trans Dist 13,152 4,855 5,629 874 314 188 1,013 0 n
y. .................................................................................

285
286 17 Gereral 3,93 1,452 1,684 261 % 56 303 0 8
287 18 Telecontrol - Common 2,579 1,01 1,173 1’ 19 7
19 Telecontrol - Specific 5 5
20 Feasibility Studies 728 % 2 5 0 0 0 2
21 Total Depreciation Expense 20,38 8,015 8,486 1,343 608 262 1,316 0 3%
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467
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472
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474
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_1.78

W

Sch 3.1A

(b) ()

Line
No. Description

Amount

1 Newfourdlard Power

2 Indstrial
3  Rural

4 Total

Ratios

5 Newfoundland Power

6 Industrial
7  Rural

8 Total

NEWFOUNDLAND HYDRO

Island Intercomnected

Basis of Allocation to Classes of Service
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19-AUG-92
Sch 3.1A
NP-340PE

(3]

1.0000

() (e) (f) (9 th)
($000)
Prod &
Total Prod Trars Trans Rural
Amount Demand Energy Derand Tras
(5CP kw) (mh B Gen) (5CP kw) Direct
951,456 4,397,884 918,660
153,408 1,292,104 148,120
67,631 310,53 65,300
1,172,495 6,000,491 1,132,080
0.8115 0.739 0.8115
0.1308 0.2153 0.1308
0.0577 0.0517 0.0577 1.0000
1.0000 1.0000 1.0000 1.0000

1.0000
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L T : NEWFOLNDLAND HYDRO 19-AUG-92
482 Sch 3.2A Sch 3.2A
(2. Island Intercomected NP-340PE

485 Allocation of Fuctional Amunts to Classes of Service

487 (b) (c) (d) (e) (f) (9) h) (i) ) k) )
489 ($000) Distribution

490 Prod & .- Spec

i 491 Line Total Prod Trans Trans Rural Swbstation Acct Assigned
492 No. Description Amount Demard Energy Demand Trans Damend  Other Custarer  Custamer

- 494
495
496
w7 Allocated Reverue Requirment Excluding Margin
- 08
499 Newfoundland Power 157,614 37,009 105,304 13,068 2,162
500 Irdstrial 39,965 5,982 30,938 2,107 937
e 501 3  Rural 33,659 2,637 7,435 929 8,702 2,8% 9,987 1,071 0
502 = memmmsmsec cecccccec emcccwces cemcsccss mmeesecss eeeemcess  ecsececes seeeeeee-
503 4 Total 231,238 45,718 143,677 16,104 8,702 2,8% 9,967 1,0Mm 3,09
- 50 0 eeemaseee e == eeeeseses  scceccecs  cecemmmen ccoccecee
505
506
507 Allocated Margin
- 508
509 Newfourdland Power 6,382 1,410 4, 670 102
510 Industrial 1,601 27 1,34 108 k1l
o 311 7 Rural 1,22 100 97 48 446 118 213 0 0
512 ||| esesseacs  ceccscces  esevcsses  ceseeesss m-oscsses eceeeeses mecsececs csecsesss coemooo-s
513 8 Total 9,205 1,738 5,731 85 446 118 213 0 133
S%  esseceeese ccccccees cceccacns -=-
515 ’
516
517
- 518

519 Total Allocated Reverue Requirment

N -

o

21 9 Newfourdland Power 163,99 38,510 109,505 13,738 2,264
52 10 Industrial 41,56 6,200 3,173 2,215 %9
53 11 Rural 34,881 2,737 7,731 977 9,18 3,016 10,200 1,07
526 smesememc emmeceese semmeeces  smeseeeec sesecsses cemcccmee  cememecec cosescess  seseesess

-5 12 Total 20,643 47456 49409 16,99 9,18 3,006 10,200 1,0n 3,213
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v 528
529
530
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- 535
536
537
538
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i 578

e 595
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597
598
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Basis of Allocated Amounts

N -

Industrial
3  Rural

4 Total
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5 Newfoundland Power

6 Industrial
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8 Total
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9 Newfourdland Power

10 Industrial
11 Rural

12 Total

Newfourdland Power
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NEWFOUNDLAND HYDRO 19-AUG-92
Sch 3.3A
Islard Intercornected NP-340PE
Allocation of Specifically Assigned Amounts to Clesses of Service
(d) (e) ) (9) (h) (i) (4)) (k) (43] (m)
($000)
M Depreciation--------- Subtotal
Total ----- Transmission----- Admnin & Lines & Telecontr & Expense  Interest & Excl
Amunt  Lines Terminals General Temminals Feas Study General Credits  Gain/Loss Margin
(Plant) (Plant) (e+f) (Direct) (Direct) (NBV)
2,950 9,697 12,647 213 12,033
4,172 5,327 9,499 () 3,75
0 0 0 0 0
0 7,12 15,024 2,146 0 0 280 0 15,758 0
0.4142 0.6454 0.5711 0.7627 0.7636
0.5858 0.3546 0.4289 0.2373 0.2364
0.0000 0.0000 0.0000 0.0000 0.0000
0 1.0000 1.0000 1.0000 1.0000 1.0000
2,264 &7 305 275 213 0 4 (Y] 1,22 2,142
%9 9% 167 207 66 6 20 @) 378 937
0 0 0 0 0 0 0 0 0
3,213 182 472 280 -] -3 ) 1,601 3,0

P B
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- 351 NEWFOUNDLAND HYDRO 19-AUG-92
362 Sch 4.1 Sch 4.1
363 Islard Intercomnected NP-340PE

— 355
365 Calculation of Generation & Transmission AED Factors
%6
367 (b) (c) (d) (e) ) (9) h) ¢)) ¢ (k) 49}

= 38
3%

370 SalestLosses Class 5CP Class NCP

wmi 371 Lire For ABD AT AT ----Average Demard---  ----Excess Demang---+  -------- Total--------
372 No. Rate Class méhs Gererator  Generator Aot Weighted Aount  uWeighted  Weighted Arount
m .................. -

_374 (5CP kw)*  (NCP kw)

375 Generation
376 1 Newfoudland Power 4,397,884 951,456 1,017,522 502,042 0.4083 515,480 0.3883 0.7%45 977,031
k1e4 2 Indstrial 1,276,090 153,408 168,72 145,672 0.1185 233,050 0.0173 0.1357 166,911

i 378 3  Rural 310,50 67,631 90,051 35,446 0.0288 54,605 0.0409 0.0807 85,762
kY3
380 4 Subtotal at Generation 5,984,677 1,172,495 1,276,295 683,159 0.5555 593,136 0.4445 1.0000 1,229,704

- 381
i
38
38

== 385
38
387

w388
389
390 Salestlosses Class SCP Class NCP

'_‘391 For AED AT AT ----Average Demand---  ----Excess Demand----  =------- Total-~------
3R mwhs Trans Trars Amunt  Weighted Amount  Weighted  Weighted Amount
393 eemcsccms ceoccaacacs  AELNCLEES  cavesesms  SEcEESees  csecaseEs  SSEEEsEEs Cecaeccnce sssecesass
3% (5CP kw)  (NCP kw)

w305 Transmission
3% S Newfoundland Power 4,284,100 918,650 oa3,750 489,063 0.4119 494,697 0.3825 0.75%%4 93,206
397 6 Industrial 1,243,075 148,120 18,13 141,904 0.1195 21,219 0.0164 0.1359 161,384

- 398 7 Rural 302,467 65,300 87,061 3%,528 0.0291 52,533 0.0406 0.0697 8,756
3%

400 8 Subtotal at Transmission 5,809,662 1,132,080 1,233,934 665,484 0.5605 568,450 0.43% 1.0000 1,187,345

_4601
402
403 Coincident Peaks
404 JAN/9R FEB/92 MAR/92 NOV/92 DEC/92  (5CP mw)

s 405 Transmission CP**

406 5 Newfoundland Power 970.2 918.7 867.1 867.1 970.2 918.7
407 6 Industrial 148.4 148.0 148.1 1467.7 148.4 148.1

o 408 7 Rural 68.7 68.3 61.1 60.0 8.4 65.3
[.w ....................................

410 1,187.3 1,135.0 1,076.3 1,074.8 1,187.0 1,132.1
(3]

=412 * Class SCP at Generator used the same lass factors as those used to derive class CP
413 at Generator as per respanse to NP-34 (Page 2 of 2).

414
-415 ** Monthly Class Transmission CP taken fram response to NP-1 (Page 4 of 7).

416 Adjustments to Monthly CP related to NP‘s own generation (See NP-25); other

L7 adjustments related to the Industrial class were estimated using the differences
_418 between NP-34 and the actuals for Jan/92 as per NP-1,

419

420
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w1 Sch 4.2 NEWFOUNDLAND HYDRO 19-A0G-92
2 Base Case Sch 4.2
3 $340/id4 Peaker Island Interconnected NP-340PE
- 4
S 50% Reverue Functionalization and Classification Ratics
6 50% Energy
7 Deficit Alloc.
-8 (b (c) (¢} (e) ) (9 () (¢)) §)) (9] 49 (m)
9 Distribution
10 Pred& 0000 eemeescccececccnceees Spec
o 11 Lire Total Prod Trars Trars Rural Substation Acct Assigned Plant Cost
12 No. Description Aot Demard Energy Demard Trans Demard Other COustomer Custarer In 1991 8
13 =sems cececmsemeees eecceesss cccmscecs ctcmcmsss eccccmsse smssessce sessceces  cmcsesses  escccesse seeseses  ceecceeee
1% Cost of Peaker used for D/E Splits 340 /KW S/
=15 Cost of Peaker (Paradise River) 858 /K
16
7 Prodction
omi 18 Hydraulic
19 1 Bay D'Espair 100.0% 30.58% 69.42, 1,112
20 2 Upper Salmon 100.0% 13.08% 86.92% 2,5%
- 2 3 Hinds Lake 100.0% 19.53% 80.47% 1,761
2 4 Cat Arm 100.0% 13.30% 85.70% 2,557
3 S Paradise River 100.0% 31.27% 68.73% 2,76k
2 6 Snooks ArmyV Bight 100.0% 0.00% 0.00% 100.00%
-
2% 7 Subtotal Hydraulic 18.69% 81.30% 0.01%
27
o 28
2 8 Holyrood 100.0% 44.39% 55.61% 766
30 9 Gas Turbines 100.0% 100.00% 0.00%
- 31 10 Diesel 100.0% 0.00% 0.00% 100.00%
32
33 11 Purchase Power Island 100.0% 100.0%
3%
o 35
3% Transmission
37 12 tires 100.0% 50.0% 50.0%
- 38 13 Terminal Statiors 100.0% 0.0% 100.0%
39
40 14 Subtotal Transmission
A
bl
43 15 Total Distribution 100.0% 100.0%
b
w45
73
47
- 48
49
S0
51
o 52
53
54
s
56
57
58
=59
&0
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APPENDIX 3
Scenario 4

Model of RAB-1
(Recommended by Hydro)
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601 : NEWFOUNDLAND HYDRO 19-AUG-92
602 sch 1.2 sch 1.2
603 1992 Forecast RAB-1

04

605 Camparison of Reverue & Allocated Reverue Requirement

608

607 (b) () (d) (e) ) @ h) (4]
608

o9 ($000)

610

611 Reverue Reverve

612 Before After

613 Line Allocated  Deficit Deficit Deficit

614 No. Description Reverue Reqt  Allcc Deficit Alloc Alloc Ratio
615 ---vs cemmccecmecee seccccvccces ecceccces coseenc-e- ---

616

617 1 Newfoundland Power 175,287 175,287 2,107 197,3% 1.13
618 2 Island Industrial 37,166 37,166 4,687 41,853 1.13
619 3 Labrador Industrial 3,73 3,73 470 4,193 1.13
620 Rural

&1 4 Island Interconnected 27,992 3,112 4,880 (4,880) 3,112 0.8
622 S Isolated Systems 3%,593 10,988 3,605 (B,605) 10,968 0.32
63 6 Labrador Intercornected 9,67 9,6 0 1,221 10,900 1.13
6 seeseeess coccccnee .-

65 7 Subtotal Rural n,264 43,79 28,485 (27,264) 45,000 0.6
@ e .
67 Total 288,440 59,955 28,485 0 288,440 1.00
% -——-

629

&30
, 631

&3

63

634

&35

636 Island Intercornected

&37

638 8 Newfoundland Power 175,287 175,287 0 22,107 197,3% 1.13
639 9 Industrial 37,166 37,166 0 4,687 41,853 1.13
60 10 Rural 27,992 3,112 4,880 (4,880) 3,112 0.8
41 eessecess  esccccenc cmseccses cococoees

2 N Total 240,445 235,565 4,880 21,915 262,360 1.09
&3 eeeeeeees I s e bbbl
774

646

A

&9

650

651

652

653

654

656

657

658

659



NEWFOUNDLAND HYDRO

Island Interconnected

Total Demard, Energy and Customer Amunts

u667 (b) (© (d) (e) ) (9)

672

($000)

673 Line

_'674 No. Description

L

i
BEBEERBRAREERS

RREI

§§é§§

me

74
=715
né
nz
718
79

Demand Energy Custamer

h) () w

Total Demand Energy
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19-AUG-92
Sch 1.3.1
RAB-1 (Rev)

k)

Qustamer

Island Intercornected

1 Newfourdland Power 175,287
2 Indstrial 37,165
3  Rural

114,82
19,092

58,219
17,105

2,264
968

4 Total 240,445

129,306
21,500

65,562
19,262

2,527
1,001

Sch 1.3.2

Demards, Sales & Bills Bills

(Total No)

Billing Dems  Sales

(mwh)

wvi

Newfoundland Power
industrial
7 Rural

11,805,000 4,284,100 12
2,043,300 1,249,200 8

o

Total Demerd Energy

Custamer

($/kw) (3/kvh) ($/8itl)
Unit Damand, Energy & Custamer Amounts

0.0136
0.0137

8 Newfoundland Power
9 Indusstrial
10  Rural

9.3
9.3

186,576
11,529

(%/kw) ($/ih)

0.0153
0.0154

10.95
10.52

($/Bitl)

210,558
12,983
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- 30 NEWFCLNDLAND HYDRO 19-AUG-52
302 Sch 2.1A sch 2.1A
33 Island Intercornected RAB-1

-— 304
305 Fuctional Classification of Reverue Requirement
306 .

307 (b) (c) (d) ) $)) @ ) (M (§)) ) w
308

309 ($000) Distribution

310 Prod & Spec

o 311 Lire Total Prod Trars Trars Rural  Substation Acct Assigned
312 No.  Description Amount Demerd Energy Demand Trars Demard Other Custarer  Custamer
B3 ceeon cccvesesasecs cemecaces cesecsces see eemmeecce ceccecese cecmeme P

o 3%

315 Expenses
316
317 1 Operating & Maintenance 61,976 35,469 6,583 9,951 0 1,228 6,554 1,07 1,16

=318 2 Fuels 38,43 38,433 0
319 3 Power Purchased 28 428
320 4 ODepreciation 20,39 15,053 %1 2,612 0 %7 1,316 0 %9

e 321
2
33 Experse Credits
32%

™3z 5 sudy N 5) ® (10) 0 m ) m M
36 6 Building Rental Income 3N (65) ™) @) 0 @ 5 0 @
327 7 Tax Refuxs (56) (7)) %) ) 0 <)) ) m TH

w= 38 8 Supilers’ Discants (7s) (43) ®) 12 0 <)) (®) W I
3% 9 Pole Attachments (426) (426)

Bo -

o B1 10 subrotal Expenses 120,487 50,347 46,373 12,308 0 1,490 7,619 1,071 1,47
332 .................. - -
33
3% 11 Interest 110,568 52,848 30,473 21,670 0 1,415 2,564 0 1,5%8

"™ S 12 Disposal GairvLoss 186 ® 51 3% 0 2 4 0 3
m ......................................................
337 13 Subtot Rev Reqt Excl Margin 331,241 103,284 76,897 34,01 0 2,907 9,987 1,0Mm 3,080

- 338
39
3%0 14 Margin 9,205 4,400 2,537 1,804 0 18 213 0 13

o 3 see mmmemmmr cmmeeee cececeses seeeseses seemeoe seeeesee eeseesses -memeeee-
3%2 15 Total Reverue Requirement 260,646 107,683 7,434 35,818 0 3,05 10,200 1,07 3,213
77 J BT T LR P
344

- 35
346
%7

— 348
%9
350
351

= 352
353
354

- 355
356
357

38
350
%0
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L )| NEWFOUNDLAND HYDRO 19-AUG-92
62 Sch 2.2 Sch 2.2A
&3 Island Interconnected RAB-1
- 64
65 Fuctional Classification of Plant in Service for the Allocation of 08M Expenses
66
67 (b) (c) (d) (e) () (9) (h) 4D} )] k) (b}
== 8
& ($000) Distribution
n Pred& 00 eeeeeeeeee. Spec
wm 71 Lire Totat Prod Trars Trars Ruwral Substation Acct Assigned
72 No. Description Amount Demand Energy Demerd Trans Demard Other CQustarer  Custamer
73 coce= cmeccmmemmces eeeemmmme cecemmea- ceeccmsee  seeecccce  emcccccse  cccmmcese  cecmcccns  sessmmaes  —ceessmese
7%
i Production
76 Hydraul ic
” 1 Bay D’Espair 170,97 88,359 8,615
- 78 2  Upper Salmon 168,615 93,497 5,118
™ 3 Hinds Lake 79,068 38,166 40,902
80 4 Cat Am 263,255 160,454 102,801
81 5 Paradise River 21,306 14,884 6,422
8 6 Snooks ArmyV Bight ® 56 43 0
o] -
8 7 Swtotal Hydraulic 703,317 395,417 307,900 0 0
oo : el
86
87 8 Holyrood 164,925 164,95 0
wa 8 9 Gas Turbines 16,977 16,977 (]
8 10 Diesel 3,226 3,226 0 0
W -
- 91 11 Sutotal Production 888,445 580,545 307,900 0 0
92 ......... - cemwacess ecsseassmsr Sesseeess
93
% Transmission
W 95 12 Lines 193,468 1,317 0 185,029 0 7,122
% 13 Terminal Statiors 105,729 33,848 0 45,018 0 11,820 0 0 15,023
97 ......... e oeecseessss scccsseess ccscmeses ewe Eeceseess ececcesess eccceee=s
- 9 14 Sibtotal Transmission 299,197 35,185 0 230,047 0 11,820 0 0 22,145
W ......... e P eme esscemase ececcecccess sesessces
100
101 15 Total Distribution 49,617 206 3,976 45,435 0
o 102 _________ eme consessar ececccess eacsccese
103 16 Subtotal Prod Trans Dist 1,837,259 615,936 307,900 230,047 0 15,796 45,435 0 22,145
10  eecescess  ecmmccess cesscecos eeccceees essesoees
et 105
106 17 General 62,166 30,948 15,470 11,559 ™4 2,28 1,113
107 18 Telecontrol - Conmon 36,476 19,270 9,636 7,200 0 370
- 108 19 Telecontrol - Specific 331 31
109 20 Feasibility Studies 2,32 197 21 2 0 0
m eeeeeeees se=  esscsssss  csciccens essmsccsse scscssces wsmacseee
1M1 21 Totat Plant 1,338,464 668,150 333,007 249,019 0 16,982 47,718 0 3,589
b | - see  ememmcume cosecsees
113
a4
- 115
116
17
118
=9
120



(b)

- 131 Lire
132 No.

134
135
136
137
wm 138
139
140
141
142

-

144
o= 145

47
w148
149
150
151
152
153
154
= 155
156
157
158
159
160
161
162
163
164
w165

167

g

[+ SRV TN R VR N

10

n

12
13

14 Subtotal Tramsmission

15

16 Subtotal Prod Trans Dist

(c)

Description

Prodction

Hydraulic

Bay D’Espair
Upper Salmon
Hirds Lake

Cat Arm

Paradise River
Snooks AmvV Bight

Subtotal Hydraulic

Holyrood

Gas Turbines
Diesel

Subtotal Production

Transmission
Lires
Terminal Stations

Total Distribution

17 Gereral

18

19 Telecontrol - Specific

2

21

Telecontrol - Common

Feasibility Studies

Total Plant

Appendix 3
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NEWFOUNDLAND HYDRO 19-AUG-92
Sch 2.3A
Island Intercamnected RAB-1
Fuxtional Classification of Net Book Value
() (e) (f) (9) (h) (i) ) (k) )
($000) Distribution
Prod & Spec
Total Prod Trars Trans Rural Substation Acct Assigned
Amount Demand Energy Demand Trars Demand Other Custarer Custamer
145,046 74,960 70,086
167,33 92,786 7,546
77,552 37,434 40,118
262,415 159,942 102,473
21,219 14,824 6,35
13 7 ) 0
673,577 37,953 293,626 0 0
90,475 90,475 0
7,546 7,546 0
47 47 1] 0
772,069 478,445 293,624 0 0
173,565 1,302 0 168,258 0 4,005
90,510 27,315 0 40,331 0 11,152 11,712
264,075 28,617 0 208,589 0 11,152 0 0 15,717
27,837 50 2,512 5,25 0
1,063,981 507,112 293,624 208,589 0 13,664 5,275 0 15,717
42,751 20,376 11,798 8,381 549 1,016 632
24,687 12,267 7,104 5,046 0 2
40 40
2,492 2,240 27 24 0 0
1,133,951 541,995 312,526 222,264 0 14,507 26,N 0 16,389
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=181 NEWFCLNDLAND HYDRD 19-AUG-92
182 Sch 2.4A Sch 2.4A
13 Istand Intercormnected RAB-1
- 184
185 Functional Classification of 08M Expenses
188
187 (b) (c) (d) (e) (f) (9) (h i) 9); (k) )
-
188
189 ($000) Distribution
150 Prod & Spec
w=i 191 Line Total Prod Trans Trars Rural Substation Acct Assigned
192 No. Description Arount Demard Energy Demard Trars Demand Other Ousstamer Qustarer
1 I e e i PRI
- %
195 Prodction
19
197 1 Rydraulic 7,528 4,23 3,29 0 0
=198 2 Holyrood 13,97 13,907 0 0 0
199 3 Gas Turbines 8N 8n 0 0 0
200 4 Diesel 268 268 0 0 0
v 201 - - -
202 5 subtotal Production 2,51 19,218 3,296 0 0
203 e mmcmccce ceeeecece  cememmmes  eeccemaa=
_iZ%
205 Transmission
206 6 Lires 4,389 30 0 4,198 0 ) 18
207 7 Terminal Stations 3,32 1,065 0 1,415 0 k174 0 472
- 508 semmcccas  meeceece  csseeeses  seesceses  ssesseeve  smsmsemms  memcmemes  ccevemmes
200 8 Subtotal Transmission 7,713 1,095 0 5,613 0 kY74 0 0 &34
200 | ee=eecemes  escscescs  ssscccces cceceweess  srecesses mcccsssse eseces-es
-l
212
213 9 Total Distribution 4,230 18 3 3,873
24 mmmeseeee - == mescecees  ceccmsese  cmcesseee secmccess seecesees coecoooee
215 10 subtotal Prod Trans Dist 34,457 20,331 3,29 5,613 0 m 3,873 0 634
216 =es  sssessses  eccocccss sesccsooe setaccacs acssessss sedecdese esescecos ccsecases
217
w218 11 Custamer Accounting 662 &2
2 eeesscco- ceseecsoss momcccces -~
220
_221 Overheads
222 Plant Related
223 12 Prodxtion 49 32 173
224 13 Trarsmission 210 S 0 161 0 8 16
225 14 Produxtion & Trams 201 104 52 » 0 2 4
26 15 Distribution 168 1 13 154 0
27 16  Other 3,54 1,624 810 605 0 42 "5 0 58
w228 17 Property Insurance 663 402 0 » 0 10 10
29 18 Experse Related 21,8683 12,657 2,052 3,49 0 442 2,41 412 3%
m .................. - es - eee eeessswesw
51 19 suwtotal Overheacs 26,858 15,138 3,288 4,338 0 518 2,681 412 48
-82 __________________ eeccenssee ceerPeeass  cececscnss  cCocseseEe $ ecssssews
=33
34 20 Tot Oper & Maint Experse 61,977 35,489 6,58 9,951 0 1,228 6,554 1,074 1,116
=35 — —
236
37
-8
239
260



- 201
242 Sch 2.5A
263
— 26
245
246
_‘ZAT (b) (<)
268
249
S0
wmi 51 Line
52 No.  Description
B3 -evee cecmecrceeees
_56
55 Production
56 Hydraulic
=57 1 Bay D’Espair
m=%8 2 Ugper Salmon
59 3  Hinds Lake
260 4 Cat Arm
e 261 5 Paradise River
262 6 Snooks ArmyV Bight
243
-12“ 7 Swbtotal Hydraulic
265
%6
67 8 Holyrood
w— 268 9 Gas Turbines
29 10 Diesel
210
wwd/! 11 Subtotal Production
2n
23
276 Transmission
=5 12 Lines
276 13 Teminal Stations
rif4
w78 14 Swbtotal Transmission
n
280
_281 15 Total Distribution
v
28 16 Subtotal Prod Trans Dist
B4
785
286 17 General
287 18 Telecontrol - Common
wuB8 19 Telecontrol - Specific
289 20 Feasibility Studies
0
291 21 Total Depreciation Expense
)
293
54
95
296
27
_298
29
300
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NEWFOUNDLAND HYDRO 19-AUG-92
Sch 2.5A
Island Intercormected RAB-1
Fuctional Classification of Depreciation Expense
(d) (e) ) 9 (h) ) 4)) k) ()}
($000) Distribution
Prod & Spec
Total Prod Trans Trans Rural Substation Acct Assigned
Amount Demard Energy Demard Trans Demard Other  Custamer  Customer
01 k7 339
22 13 9%
24 116 15
189 115 7%
3 2 10
1 1 0 0 0
1,38 70 646 0 0
7,618 7,418 0
806 806 0
56 56 0 0 0
9,666 9,020 646 0 0
1,180 3 0 1,098 0 ]
1,18 429 0 473 0 8 200
2,365 432 0 1,571 0 8 0 0 r24
1,121 3 105 1,013 0
13,152 9,455 646 1,571 0 188 1,013 0 2m
3,93 2,828 193 470 56 303 8
2,5™ 2,07 142 s 0 18
5 5
728 6% 26 5 0 0 2
20,398 15,053 981 2,412 0 267 1,316 0 39




450
451
452
453
4564
vl 455

457

-7
Couwn
47

o 475
476

47

78

479

(b)

Line
No.

~N

~N O W

()

Description

Amount
Newfoundland Power
Indstrial
Rural

Total

Ratios
Newfourdland Power
Industrial
Rural

Total

NEWFOUNDLAND HYDRO

Island Intercormnected

Basis of Allocation to Classes of Service

Appendix 3
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(d) (e) (f) (9 h) (4)] (§))
($000) Distribution
Prod &
Total Prod Trars Trars Rural Substation
Amount Demard Energy Demard Trars Derernd  Other
(AED kw) (méh @ Gen) (CP kw) Direct Direct Direct
977,031 4,397,884 970,174
166,91 1,292,106 148,371
85,762 310,53 68,800
1,229,704 6,000,491 1,187,345
0.7%45 0.73% 0.8171
0.1357 0.2153 0.150
0.0697 0.0517 0.0579 1.0000 1.0000 1.0000
1.0000 1.0000 1.0000 1.0000 1.0000 1.0000

19-AUG-92
Sch 3.1A
RAB-1
k) )
Spec
Acct Assigned
Custamer Custamer
Direct
1.0000
1.0000



- 491
49

524

531
532
533

536

537

538
-

539

wN

10
n

12

NEWFOUNDLAND HYDRO

Island Intercomnected

Allocation of Functional Amounts to Classes of Service

() (d)

($000)

Total
Amount

(e)

Prod

H

Prod &
Trars

()

Trars

th)

Rural
Trars

)

4))

Distribution

Substation

Derard

Other
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19-AUG-92

Sch 3.2A

RAB-1

k) W

Al located Reverue Requirment Excluding Margin

Newfoundland Power
Indsstrial
Rural

168,356
35,765
27,118

Total 331,240

Allocated Margin

Newfourdlard Power

Industrial
Rural

6,931

3,49

307

1,859

131

1,474

105

Total

Total Allocated Reverue Requirment

Newfoundland Power
Industrial
Rural

175,287
37,166
27,992

4,400

2,537

1,804

8,557
14,616
7,510

58,219
17,106
4,110

2,27
4,476
2,075

Total 240,445

107,68

?,434

35,818

0

9,967

2,142

1,0m

o

9,987

1,0M 3,0

102

3,05

10,200

3,05

10,200




-1
542
543
544
545
546
547
-8

549

550
i 551

552 No.

NEWFOUNDLAND HYDRO
Sch 3.3a
Islard Intercomnected

Allocation of Specifically Assigned Amounts to Classes of Service

(b) © (d) (e H (9) )

-- 0M -
----- Transmission----- Admnin & Lines &
Lines Gereral Terminals

Line
Description Terminals

¢

Teleentr &
Feas Study  General

(Plant) (Plant) (e+f) (Direct)

Basis of Allocated Amounts

1 Newfoudland Power
2 Imdustrial
3  Rural 0 0 0

4 Total 0

Ratios
S Newfoundland Power
6 Indusstrial
7 Rural

0.4142
0.5858
0.0000

0.6454
0.3546
0.0000

0.5
0.4289
0.0000

8 Total 0

1.0000

1.0000 1.0000

Amounts Al located

9  Newfoundland Power
10 Industrial
17 Rural 0

167

o
o

(Direct)

o

12 Total 3,213

162 472

W

0.7627
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19-AUG-92
Sch 3.3A
RAB-1
(k) (L) (m)
Subtotal
Expense  Interest & Excl
Credits  Gain/Loss Margin
(NBV)
12,033
3,75
0
0 15,758 0
0.7636
0.2364
0.0000
1.0000
(%) 1,22 2,142
(4} 378 937
0 0
®) 1,601 3,0
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om 361 NEWFOUNDLAND HYDRO 19-AUG-92
362 Sch 4.1 Sch 4.1
343 Island Intercomnected RAB-1
- 364
365 Calculation of Generation & Transmission AED Factors
366 .
%7 (b (c) (d) (e) f) (@ h) () ()] (k) ()]
%8
3%
37 Salestlosses Class P Class NCOP
wn 371 Lire For ADD AT AT ----Average Demard---  ----Excess Demay----  -------- Total-~---=--
372 No. Rate Class muhs Generator  Generator At Weighted Amunt  Weighted  Weighted Amount
373 ~-=e- ccccemereecee | eececeses cececceoa- -e . R
37 (CP kw)  (NCP kW)
-3 Generation
37 1 Newfoundland Power 4,397,884 1,004,786 1,017,522 502,042 0.4083 515,480 0.3863 0.7945 977,031
7 2 Imdustrial 1,276,090 153,664 168,72 145,672 0.1185 3,050 0.0173 0.1357 166,911
el 378 3 Rural 310,503 1,54 90,051 35,446 0.0288 54,605 0.0409 0.0897 8,762

4 Subtotal at Generation 5,984,477 1,229, 1,276,295 635,159 0.5555 593,136 0.4445 1.0000 1,229,704

Salestlosses Class (P Class NCP
For AED AT AT ----Average Demend---  ----Excess Demand----  -------- Total----===--
mahs Trans Trars Atount  Weighted Arount  Weighted  Weidhted Amount

(P lw)  (NCP k)
Transmission
5 Newfoundland Power 4,284,100 970,174 %3, 750 48,053 0.4119 49,697 0.3825 0.79%44 3,206
6 Irdstrial 1,263,075 148,371 18,13 161,904 0.1195 21,219 0.0164 0.1359 161,38
7 Rural 302,467 68,800 87,061 34,528 0.0291 52,533 0.0406 0.065%7 8,76

400 8 Subtotal at Transmission 5,829,662 1,187,345 1,233,934 665,484 0.5605 568,450 0.439%5 1.0000 1,187,345

N1
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414
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Sch 4.2
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g

Functicnalization and Classification Ratios

(b) (c) (d) (e) f) (9 ¢h) ¢)} (6}) ) (4%}

OV 0B NV W

Distribution
1 Prrd& = ememeemeeeeceeceeee. Spec
wa 11 Line Total Prod Trans Trars Rural Substation Acct Assigned
12 No.  Description Amount Demard Erergy Demerd Trans Demard Other  Customer  Custamer

15 Production

16 Hydraulic

Bay D’Espair 100.0% 51.68% 48,32,

Upper Salmon 100.0% 55.45% 44,.55%

Hinds Loke 100.0% 48.27% 51.73%

Cat Am 100.0% 60.95% 39.05%

Paradise River 100.0% 69.86% 30.14%

Snooks AmyV Bight 100.0% 56.42% 43.58% 0.00%

=)
o V> W -

2
3
2 7 Subtotal Hydraulic 100.0% 56.22% 43.78%
S
2

27 8 Holyrood 100.0¢  100.00% 0.00%
w28 9 Gas Turbines 100.0¢  100.00% 0.00%
2% 10 Diesel 100.0%  100.00% 0.00% 0.00%
31 11 Purchase Power Island 100.0% 100.0%
% Transmission
w35 12 Lines 100.0% 0.0% 100.0%

3% 13 Terminal Statioms 100.0% 0.0% 100.0%

aw 38 14 Subtotal Transmission

-~ 1 15 Total Distribution 100.0% 100.0%

-5
W7
©
50
51
52
ol 55

57
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Since filing your original evidence, you have had the opportunity to read the
evidence of Mr. Baker. Is there anything in Mr. Baker’s evidence that you
would like to respond to?

| would first like to respond to a comment on the equivalent peaker method Mr.
Baker makes on page 3, Appendix 2, of his evidence. He states, "There is no
certainty that the unit cost as defined by any of the methods here considered is
really representative of the cost of pure capacity from a planning perspective at the

time when any hydro or base load unit was committed.”

There are several conditions where there might be cause for such concern. They
are: (1) When the gas turbine costs are based on costs not representative of the
region; (2) When the units being classified have significantly different vintages than
the gas turbines being used to derive equivalent costs; and, (3) When the size of
the equivalent peakers is not representative of the alternatives that might have
been installed to meet pure demand. None of these conditions is a problem in the

equivalent peaker analysis that | have done for the following reasons.

The equivalent peaker cost | used in my calculations is based on the actual cost

of Newfoundland turbines constructed by Hydro at Stephenville and Hardwoods.

The response to NP-35, page 3 of 11, shows that these turbines were installed in
1976 and 1977. The other generating units we are classifying with equivalent
peaker costs were all constructed within a band of plus or minus 9 years from
these dates. To remove the effects of inflation, all costs were brought to 1991

dollars using Statistics Canada indices for gas turbines.
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Finally, the size of the gas turbines at Stephenville and Hardwoods are both 54
MW. They are being used to derive pure demand related costs for units in the 75
MW to 166 MW range. Size can be a problem if the peakers used to derive the
pure demand cost are not reasonable equivalents to gas turbine sizes that might
have been installed to meet pure demand. In this case, turbines like Stephenville
and Hardwoods could have been installed in multiples of 1 to 3 and this type of
addition would have been reasonable. If larger turbines were used, the cost per

kW would have been even less.

In summary, none of the conditions concerning the representative nature of the
equivalent peakers used to make demand/energy split calculations is presentin my
use of the technique here. The match between the equivalent peaker costs used
and alternatives available to Hydro at the time the baseload plants were being

constructed seems to be a good one.

Mr. Baker, in Appendix 2, page 4 of his evidence, states, "If it is appropriate
to classify fixed cost to energy where the fixed cost was incurred to avoid
excessive fuel cost, then it is equally appropriate to classify fuel cost to
demand where fuel cost i.s incurred to avoid excessive capacity charges.
The differential fuel costs associated with gas turbine operation can thus be
properly classified to demand."” Do you agree with this statement?

Yes. Reasoning similar to Mr. Baker’s led me to recommend in my evidence that
Hydro's fuel costs associated with gas turbine operations be classified as demand.
Mr. Baker takes a slightly different approach on page 4 of his Appendix 2, when

he recommends that the life cycle fuel costs of a gas turbine should be capitalized
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and applied to the cost of the equivalent peaker, before it is used to perform the
demand energy split on baseload plants. Botr! methods assign the increased fuel
costs to customers based o.n their demands and would presumably collect the
same amount over time. Mr. Baker's method requires knowledge of the gas
turbine life cycle fuel costs. My method requires only knowledge of the costs as

they occur.

Mr. Baker also suggests (page 4, Appendix 2) that including life cycle fuel
costs of the gas turbine would make unit proxy costs dramatically higher.
Do you agree?

| agree that the proxy costs would be higher, but not necessarily dramatically so.
The degree to which proxy ecosts would be higher depends on the cost of fuel in
the future, and how much the gas turbines are operated. Hydro's turbines have
operated very little in the past ten years, as indicated in the response to NP-5.
The combined average capacity factor of the Stephenville and Hardwoods gas
turbines for the last ten years has been about 0.79%. The fuel cost | added was
based on the cost of operation in 1991. The combined capacity factorin 1991 was
only about 0.25%. | have therefore calculated the sensitivity of the result by
multiplying the fuel cost of gas turbines | used by a factor of three. This increased
NP’s costs by approximately $100,000 and reduced the cost to the Island
Industrials. This increased cost is not reflected in Exhibit LBB-1 and Appendix 2.
The unit demand and energ); cost changed insignificantly. Based on this analysis
and Mr. Baker's recommendation | would recommend that cost of turbine fuel
added to the demand charge be based on the ten year average gas turbine
capacity factor.
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Are there other questions raised in Mr. Baker’s evidence that you would like
to respond to?

Yes. In discussing my statement that, "Causality is the guiding principle of all cost
of service work,” on page 5 lines 25-27 and page 6, lines 11-13 of his evidence,
Mr. Baker states that, "l tend to agree with Mr. Brockman's view, but consider it

is a little too restrictive if it is interpreted to exclude user-pay considerations.”

I would therefore like to clarify my position on user-pay considerations. The
phrase "user-pay" refers to an idea of fairness that if customers use a utility facility
they ought to help pay for it. My reliance on causality does not exclude such
ideas. The equivalent peaker method for classifying production plant in fact
assigns a portion of the fixed cost of baseload plants to energy. When customers
use energy they will help pay for these fixed costs. Those portions of the fixed
costs of plant classified as demand are only paid for by customers imposing
demand at peak times under my 5 CP demand allocation proposal, because that

is primarily when customers are using peaking related facilities.

If Coincident Peak (CP) methods are uéed to éilocate fixed costs of plant, without
first appropriately classifying some portion of the plants as energy, then a violation
of the user-pay idea becomes a serious concern. This is the case for instance in
Dr. Olsen’s proposal. Dr. Olsen classifies only 3% of production and transmission
fixed costs as energy. He then allocates the 97% of the costs he says are
demand related on a 1 CP basis. This means that customers using large amounts
of relatively cheap base load energy off-peak pay almost none of the fixed costs

of providing it. Dr. Olsen’s recommendations violate user-pay considerations
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primarily because they ignore the role of energy consumption in causing base load

plants to be constructed.

Mr. Baker’s discussion of Hydro’s treatment of certain facilities serving only
Hydro Rural customers, at page 15, lines 5-20 of his evidence, recommends
further analysis be done before this issue can be decided. Do you agree that
further analysis Is necessary?

The central question which Mr. Baker raises on page 15, lines 1-4, is, "whether the
change erodes inter-class eéuity or whether in fact the pre-existing situation was
unfair to the PDD's and the change improves equity.” Although the details of the
study Mr. Baker proposed are unclear, | am satisfied that there is sufficient data
from the responses to demands and the evidence in this proceeding to perform
adequate analysis on this issue. Such determination within this proceeding would

avoid the need for further study and allow the Board to reach closure on this issue.

In preparing my evidence, | have examined the fairness of the common and
specific assignments for every facility Hydro has assigned. After doing so, | agree
with all of Hydro’s assignments, except for the common designation of facilities
serving only the Hydro Rural customer class in the Great Northern Peninsula, the
Hydro Rural load from the 69 kV bus at Bay d’Espoir, the transmission facility from
Boyd's Cove to Farewell Head, the line from Seal Cove Road to Bottom Waters,

and the lines from Howley to Coney Arm.

| made the determination of which facilities should be treated as common and
which should be specifically assigned by following the Board’s guidelines in the
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1977 Hydro Rate Referral. These guidelines, which | find to be sound and fair, are

found on pages 121-122 of the Board's order as follows:

(i) plant and equipment which is of substantial benefit to more than one
customer will be classified "joint use"; and

(i) plant and equipment which is of little or no benefit to two or more customers

will be classified as specific use.

As | explained in my original evidence (pages 15-16), | interpreted the word
customer to mean customer class (ie: NP; Industrials; and, Hydro Rurals), since

that is the way the Board was using it in 1977.

The best way to examine ‘the facilities in question is to refer to the Island
Interconnected System single Line Diagram - 1992 (Schedule VIi of H.G. Budgell's
evidence in the February, 1992 Hydro Rate Referral), the response to NP-13,
pages 25-26, which indicates what customer classes are served from each of
Hydro’s interconnected substation busses, and the System Map provided in
response to GCB-10. The necessary determinations of faimess can be addressed

on a line by line, substation by substation basis, as summarized in Appendix 4.

Mr. Baker also recommends that further study be done to decide the proper
demand and energy classification of transmission lines. (Baker p. 22,

lines 5-8). Do you agree with this recommendation?

No, because | do not believe it would lead to a better answer than the

classification system | am recommending. When | first began analyzing the Hydro
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system, | started down the same road Mr. Baker is suggesting. What | found was
that there is really no method that can be used to classify Hydro's transmission
lines that will remove the necessity to make large judgements about what is
demand and what is energy related. The system is simply too integrated for that.
For example, the lines to and from Bay d’Espoir clearly provide both inexpensive
energy and some capacity to the system. Because the lines connect the western
and eastern sides of the Island, they also provide a large share of reliability
benefits which could be related to demand. It is my opinion that no study can truly
separate the differences exactly, and further studies would not yield a better

answer than what we already have available.
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Common and Specific Assignments to Transmission Plant

Note: It is useful to refer to Budgell's Schedule VIl and NP-13 in following this analysis.

The analysis begins on the right side of Budgell’'s map with Holyrood.

Holyrood

Holyrood is a vital generating station benefiting all customers on the interconnected grid.
Its transmission and substation facilities should therefore be classified as common, except
where extra expenditures were made to benefit only one customer class. The only'
customer class directly served from the Holyrood substation is NP, which requires
approximately 38 MW per NP-13. Facilities used to provide feeds for NP from the
Holyrood bus have been properly assigned to NP by Budgell. The rest of the facilities at

Holyrood have been properly classified as common.

Hardwoods

The 54 MW gas turbine at Hardwoods and the transmission line loop from Holyrood to
Hardwoods and then to Western Avalon provide significant reliability benefits to the
interconnected system. The facilities associated with these have been appropriately
classified as common. There is NP load served from the Hardwoods bus but only the
disconnects indicated as B6B7 and B8B9 on Budgell's Schedule VIl are necessary to
provide the feeds. The disconnects also provide for significant NP generation support to
the interconnected grid from the St. John’s area, however and are fairly classified as

common.
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Oxen Pond

Oxen Pond facilities form a transmission loop with Hardwoods and Holyrood which
benefits the entire interconnected grid. Only NP load is served off the Oxen Pond bus,
but NP generation support from the St. John's area is also provided just as it is at
Hardwoods. The facilities at Oxen Pond and transmission lines to Holyrood and

Hardwoods are therefore fairly treated as common.

Western Avalon

The Western Avalon substation is an integral part of the transmission system from
Holyrood to the rest of the Island and provides benefits to all customer classes. Facilities
necessary to provide these benefits to the system have been appropriately assigned as
common. Approximately 6.1 MW of NP load is served from the substation. Facilities

necessary to provide for the NP loads have been properly assigned to NP.

Long Harbour

A small amount of Industrial load is fed through facilities from Western Avalon to Long
Harbour. The 230 kV line and associated substation equipment at Western Avalon and
Long Harbour provides about 3 MW of Albright and Wilson Americas load from Western

Avalon and it has been appropriately assigned to A&WA.

Come-By-Chance

A 230 kV transmission link vital to connecting Holyrood and Hardwoods to the rest of the

Island runs through Come-By-Chance substation to Sunnyside. This transmission link
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benefits all customer classes and is appropriately treated as common. The
Come-By-Chance substation benefits only Newfoundland Processing and has been

properly assigned to them.

A summary of the above analysis of the facilities on the Avalon Peninsula (East of
Sunnyside and the right side of Budgell’'s Map) shows that all facilities in this region have
been properly assigned and no class has been unfairly treated by Hydro's proposed

treatment.

We now turn our attention to the facilities from Sunnyside to Bay d'Espoir and along the
southern shore from Come-By-Chance to Fortune Bay. These facilities are shown in the

center of Budgell's Map on his Schedule VIIl. We begin with the Sunnyside substation.

Sunnyside

The Sunnyside substation is also an integral part of the transmission system connecting
the East and West sides of the Island. As such, the lines into the station from
Come-By-Chance, Western Avalon and Bay d’Espoir clearly benefit the whole system and

are properly treated as common.

Similarly, substation facilities at Sunnyside, which increase system reliability by allowing
switching in the event of line failures on the other circuits, benefit all customer classes.
Several 138 KV circuits leave the station and connect to NP transmission facilities going

to Clarenville and the towns along the Northern Shore all the way to Stony Brook. This
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northern transmission route contributes to the reliability of the interconnected grid and
gives further weight to treating non-dedicated facilities at Sunnyside as common. The
lines along the northern route are owned by NP and thus not charged to any of Hydro’s

customers.

Hydro also has 8 MW of generation at Paradise River connected to the line from
Marystown to Sunnyside which is also properly treated as common. It is fair to treat the
cost of the substation facilities needed to connect them as common since they benefit all

customers.

Where facilities tap off the Sunnyside station merely to serve NP loads and provide no

reliability benefits to other Hydro customers, they have been fairly assigned to NP.

Sunnyside - Paradise River and Salt Pond

Hydro’s portion of the lines from Sunnyside to Monkstown, Bay L'Argent,and Salt Pond
have been treated as common, even though most of the load on the peninsula is NP
load. This is appropriate because NP has significant amounts of generation on the Burin
peninsula (about 40 MW). This generation can be used to back up generation on the
interconnected system. Where additional facilities have been added to serve just NP

load, they have been properly assigned to NP.



Appendix 4
Page 5 of 7

Bay d'Espoir and Upper Salmon

Bay d’Espoir and Upper Salmon (bottom center of Budgell's map) are the heart of Hydro’s
generation system on the Island. They benefit all customer classes on the interconnected
grid. The only load served from either station is 19.4 MW of Hydro Rural load from the
Bay d’Espoir 69 kV bus south to Conne River, English Harbour West and Barachoix. All
transmission and substation facilities at Bay d’Espoir and Upper Salmon have been
properly treated as common, except those necessary to supply the feed to Conne River

and beyond, which should be assigned to Hydro Rurals.

Stony Brook-Buchans-Massey Drive-Deer Lake-Howley-Springdale-South Brook-Stony

Brook Loop

The transmission loop from Stony Brook to Buchans, Massey Drive, Deer Lake, Howley,
Springdale and back to Stony Brook is a major element in providing reliable power to all
customer classes on the northern and western sides of the Island. Except for facilities
which tap off this loop to serve only one class of customer, these facilities are fairly
treated as common. There are specific facilities for serving NP at Massey Drive and
Howley and Budgell properly assigned them to NP. Facilities serving only Hydro Rurals
at South Brook have been assigned to them. The Grand Falls Converter connects to
Stony Brook and provides access to back up generation. The Hinds Lake facilities and
associated line to Howley are properly treated as common since they connect generation

to the grid.



Appendix 4
Page 6 of 7

The lines from Boyd's Cove to Farewell Head and from Seal Cove Road to Bottom
Waters and from Howley to Coney Arm serve only Hydro Rural customers and should be

assigned only to them. Hydro has incorrectly classified these lines as common.

Buchans-Massey Drive-Bottom Brook- Loop, Corner Brook and Cat Arm

These facilities provide a southern loop for the integrated system, similar to the northem
loop just described. They provide reliability benefits to all classes of customers. They
are properly classified as common, except special facilities have been provided to serve
one class. At Corner Brook major generation facilities connect to the system and are
properly treated as common. Facilities necessary to serve Abitibi Price at Corner Brook

have been properly assigned to Abitibi Price.

The line and facilities connecting Cat Arm to Deer lake provides major generation support

to the grid and is properly classified as common.

Bottom Brook- Doyles/Grand Bay and to Grandy Brook/Hope Brook

The line and associated substation facilities from Bottom Brook to Doyles and Grand Bay
serves only NP load and has been properly assigned to NP only. NP has in the past
argued that because of generafion in the Port-aux-Basques area, that these facilities
should be treated as common. The Board has rejected this idea in the past, presumably
because the amount of generation at Port-aux-Basques is fairly small. NP is no longer

contesting this issue.



Appendix 4
Page 7 of 7

The line and associated facilities to Grandy Brook and Hope Brook serve both Hydro

Rural and Industrial customers. It has therefore been properly classified as common.

Deer Lake - Wiltondale and all the way to Plum Point and Bear Cove

These facilities have been incorrectly assigned by Hydro as common. As | explained in
my original evidence, there is no other load on these lines except Hydro Rural load. They
do not form a loop that contributes to the reliability benefit of other customer classes and
generation at Hawkes Bay is small (5 MW). For the same reasons that the line serving
NP load at Doyles and Grand Bay is specifically assigned to NP, these facilities should

be assigned to Hydro Rural.

In summary, evidence in the record is sufficient to decide the proper specific and common
assignments of Hydro transmission and substation plant. Hydro has properly assigned
the plant with the exceptions noted on page 44. No further studies are necessary,
although other parties may wish to use the evidence present to draw their own

conclusions.
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GENERATING STATION UNIT COSTS

Plant ‘ Rating (MW) $/KW (19919%)
Hydraulic

Bay d’Espoir 580 1,106
Upper Salmon 84 2,602
Hinds Lake . 75 1,741
Cat Arm 127 2,561
Paradise River 8 2,786
Thermal '
Holyrood 475 772
Gas Turbines

Stephenville 54 371
Hardwoods 54 355
Overall Gas Turbines 108 355
Diesels

Overall Island 33 933

The above table shows the $355/kW cost of serving demand with gas turbines,
such as those at Stephenville and Hardwoods, is clearly less than the cost of
serving demand with steam or hydraulic units ($772/kW to $2,786/kW). The extra
investment has been made to achieve cheaper energy supplies, because hydraulic

and thermal steam units are cheaper to run.

| next took the cost of the gas turbines at Stephenville and Hardwoods as the
equivalent cost of supplying only demand. This amount per KW was divided by the
actual cost of building hydro plants, in $/kW in $1991, to arrive at their

demand/energy splits. For example, Upper Salmon gives 355/2602 = 13.6%. The

following table shows the results.
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Plant Rating (MW) % Demand
Bay d’'Espoir 580 32.1%
Upper Salmon 84 13.6%
Hind’s Lake 75 20.4%
Cat Arm 127 13.9%
Paradise River _8' 33.5%
Overall Hydraulic 874 19.6%

The Paradise River calculation used $933/kW diesels as the equivalent peaker due
to its small size. :
The overall result is that only about 20% of the hydraulic plant should be classified
as demand related under this method. This contrasts dramatically with Hydro’s
proposal to move these plants from the old 43% demand to 56% demand. Hydro’s
proposal is a move in the wrong direction. We should be classifying less, not more,

of these plants as demand related.

How should Hydro’s thermal production plant be classified?

Just as there are many metﬂods to classify hydraulic production plant, there are
many methods for classifying thermal production plant between demand and
energy. In fact, similar methods can be used as follows:

(1) Fixed and Variable

(2) Use of the Facilities

(3) Capacity Factor Methods

(4) Arbitrary Splits

(5) Equivalent Peaker Approach
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Revised

An example of using unit cost for rate design might be instructive. Assume that a
cost of service study produces unit costs for demand and energy of $10/kW-month
and 4¢/kWh. If the existing rates were $6/kW-month and 6¢/kWh, we could

conclude that the demand cost was too low and the energy cost too high.

The per unit costs for demand and energy between Hydro’s recommended cost of
service method (Scenario 4) and the one recommended by NP (Scenario 1) are

quite different as the table below indicates:

COMPARISON OF DEMAND/ENERGY SPLITS

Demand Unit Cost Energy Unit Cost

($/kW - month) (¢/kWh)
Scenario 1
NP’s Recommended Method '
Newfoundland Power 5.24 2.920
Island Industrials 4.91 2.970
Scenario 4
Hydro’s Recommended Method 2
Newfoundland Power 10.95 1.530
Island Industrials 10.52 1.542

' Appendix 2, page 2, lines 719-720

2 RAB-1 (Rev), page 6 of 60, lines 1 - 2
The demand unit costs for Scenario 1 are one-half those of Scenario 4. The unit
energy costs, on the other hand, are double in Scenario 1. Demand and energy
rates derived from these two approaches would also be very different. The unit
energy costs of Scenario 1 are roughly equivalent to the marginal energy costs from

Holyrood (about 3¢/kWH). It is a common practice to make sure that the energy
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Newfoundland Light & Power Co. Limited
Summary of Cost of Service Scenarios

Scenario

1. Recommended by NP

LBB-1
Page

1 of 1

Revised

Revenue Allocated to Classes

NP
$(000's)

Island
Industrials
$(000's)

Labrador
Industrials
$(000's)

Labrador Rural
Interconnected
$(000’s)

Total
$(000's)

$355/kW Equivalent Peaker Generation Classification 189.4
Fuel 100% Energy except Gas Turbines 100% Demand

Transmission Lines 50/50 Demand/Energy; Substation and

Terminal Equipment 100% Demand

Deficit Allocated 50/50 Revenue/Energy

Northern Peninsula Directly Assigned

5CP Allocator Generation/Transmission Plant

2. Previous (Approved '77 Method

Generation 50/50 Demand/Energy Adjusted for Capacity

Factor (including fuel) 193.6
All Transmission Plant 50/50 Demand/Energy

Deficit Allocated 100% Revenue (per RAB-2) '

Northern Peninsula Directly Assigned

AED Allocator Generation/Transmission Plant

quh Sensitivity by NP

$710/KW Equivalent Peaker 195.3
Fuel 100% Energy except Gas Turbines 100% Demand

All Transmission Plant 100% Demand

Deficit Allocated 100% Revenue

Northern Peninsula Directly Assigned

5CP Allocator Generation/Transmission Plant

Recommended by Hydro

' Deficit Allocation Method was not an issue in 1977 - 100% Revenue Allocator was used in RAB-2,

Generation Plant 100% Demand 197.4
All Fuel 100% Energy

All Transmission Plant 100% Demand

Deficit Allocated 100% Revenue

Northern Peninsula Common

AED Allocator Generation Plant

CP Allocator Transmission Plant

48.3

45.0

41.8

5.0

4.6

4.3

4.2

11.6

11.1

1.3

10.9

2564.3

254.3

254.3

2543



610
61
612

(b) (c)

613 Lire
614 No. Description

615
616
617
618
619
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651
652
653
656
655

657

659

1 Newfoundiand Power
2 Island Industrial
Labrador Industrial
Rural
Islard Intercormmected
Isolated Systems

[« SV I )

7 Subtotal Rural

Total

Island Intercomected
8 Newfourdland Power
9 Indstrial
10 Rural

1" Total

Labrador Intercomected

NEWFOUNDLAND HYDRO

1992 Forecast

Camparison of Revenue & Allocated Reverue Requirement

(d)

($000)

Allocated

(e)

Reverue
Before

Deficit

Reverue Reqt  Alloc

163,968
41,3683

(f)

Deficit

163,98
41,363
3,73

12,000

(9)

Deficit

Alloc

th)

Reverue

Deficit

Alloc

S50% Rev  SO0% Erergy

12,145
3,541
978

12,145
3,541
(6,000)

(i

Reverue
After
Deficit
Alloc

189,458
48,21
3,12

-SEP-92
Sch 1.2
NEW3SSPE

m

Ratio

1.16
1.17

Appendix 2 (Rev)
Page 1 of 12

Base Case
$355/K Peaker

50% Reverue
50% Energy
Deficit Alloc.
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661 NEWFOUNDLAND HYDRO 9-SEP-92
662 sch 1.3.1 Sch 1.3.1
663 Island Intercomected NEWBSS5PE
&

665 Total Demand, Energy and Customer Amounts

666

&7 (b) (3] (d) (e) ) (@) (h) (4] )] (k)
&8

(2 ($000)

670

67

R mmeseeeed Before Deficit Allocation After Deficit Allocation-----=----
673 Lire

674 No. Description Total Demard Energy Custarer Total Demard Energy Custamer
675 ---== =--=cesce-ces eeccccecsecs co-eee--- -- == e-meees cc-eseese cececcces coccesees
676

677

678

6 Island Intercomnected

680

681 1 Newfourdland Power 163,968 53,501 108,224 2,243 189,458 61,818 125,048 2,592
682 2 Indstrial 41,363 8,5%8 3,7 9%8 48,27 10,034 37,106 1,130
683 3  Rural 35,112 3,112

&t ddcmeeeee o e

685 4 Total 240,442 260,840

% ................

687

688

689

&0

6 sch 1.3.2 Sch 1.3.2

6?2 ......................

63 Sales Used Sales Deficit

6% Demards, Sales & Bills Billing Dems Sales Bills For Deficit  Alloc.

& me=seecccecs cemcmmmces mmeeeoee- Alloc. Factor

696 (lav) (mwh) (Total No)

&7 Islard Intercornected

68 5 Newfourdland Power 11,805,000 4,284,100 12 4,284,100 0.682

69 6 Industrial 2,043,300 1,249,200 & 1,269,200 0.1989

700 7 Rural 273,19

0

702 Labrador Intercornected

703 8 Irdustrial 345,100 345,100 0.0550

04 9 Rural 401,373 401,373 0.0839

m ....................

706 6,279,773 1.0000

707

708

709 Sch 1.3 sch 1.3
710 —--seeeem- seseseenee
m

7 eeeeeees Before Deficit Allocation--------=---  ~e----on After Deficit Allocation----------
73

714 Total Demand Energy Custamer Total Demard Erergy Customer
715 | emmmemmmeeoe eeceomoms cocoomomooo mescocoe smoooeo Smoososce sooosecoe mesesceee
76 ($/kW) ($/kvh) ($/8ill) (3/kw) ($/kvh) ($/8ill)
n7 Unit Demend, Erergy & Custamer Amounts

718

719 8 Newfoundland Power 4.53 0.0253 186,956 5.2 0.0292 216,020
720 9 Industrial 4.21 0.0255 11,529 4N 0.0297 13,454
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NEWFOUNDLAND HYDRO 9-SEP-92

Sch 2.1A Sch 2.1A
Island Intercornected NEW3SSPE

g

Furctional Classification of Reverue Requirement

(b) (c) (d) (e) ) (9 h) (i) ()] k) ((®}

gREHERER

($000) Distribution

310 Pred& =000 eesesececcemecceeeee. Spec
311 Lire Total Prod Trars Trars Rural Substation Acct Assigned
312 No.  Description Amount Demand Energy Demand Trans Demerd Other  Custamer  Custamer
313 --ees mmmmmessecmce eeesmmeos mmmesees cmsesiee mceeccoe smemeamas eensecece memssesess seeecsnas secemoooe
314

315 Expenses

316
317
318
319

Operating & Maintenence 61,97 16,91 27,451 4,859 2,740 1,228 6,55 1,074 1,116
Fuels 38,433 48 38,015 0

Power Purchased 428 428

Depreciation 20,3% 8,217 8,284 1,33 608 %2 1,316 0 %9

H W N =

SN

Experse Credits

35
326
327
328
329

Sudry 1) (17) (¢4p) 5) 3) (4] ) (O] (D)
Building Rental Income (131) (28) n (4))] 6) (2) () 0 (2)
Tax Refunds (56) (15) (5) (%) (2) (&) 6) (¢} (¢))
Suppilers’ Discounts (75) 2N 33 ()} ) (4)) ()] 4D (4)]
Pole Attachments (426) (426)

0 00 N O W

331 10 Subtotal Expenses 120,485 25,505 74,016 6,176 3,33 1,485 7,419 1,07 1,479

11 Interest 110,568 21,624 68,099 9,912 5,360 1,412 2,564 0 1,5%8
12 Disposal GairvLoss 186 36 115 17 9 2 4 0 3

13 Sbtot Rev Reqt Excl Margin 231,239 47,165 %2,30 16,104 8,702 2,89 9,987 1,07 3,080

EHHYEERHR

14 Margin 9,205 1,800 5,669 &5 446 118 213 0 13
1 emmmmer cmmmeer memeecsn memeecee ecmomimee seeeesee sesessess seeeeeees eeceeeees
32 15 Total Reverwe Requirement 240,444 48,966 47,90 16,929 9,148 3,016 10,200 1,07 3,213
.77 S0

345
347

349
350
351
352
353
35
355
356
357
358
359



61 NEWFOUNDLAND HYDRO

62 Sch 2.2A

&3 Islard Intercomnected

-4

65 Fuctional Classification of Plant in Service for the Allocation of 08M Expenses

66

67 (b) (c) (d) (e) ) ()] (h) (i) 9D}

68

69 ($000) Distribution

70 Prod& =00 eesececesecccececeao-
71 Line Total Prod Trans Trars Rural Substation

72 No. Description Amunt Demard Energy Demend Trans Demard Other
73 =mmec meemmmmmmmece eememeces smeeeeees ——- .- ——-
74

7S Production

76 Hydraulic

Igd 1 Bay D’Espair 170,974 54,883 116,001

I} 2 Upper Salmon 168,615 22,99 145,616

™ 3 Hinds Lake 79,058 16,122 62,%6

80 4 Cat Arm 263,255 36,487 226,768

81 5 Paradise River 21,306 7,135 14,171

& 6 Srocks AryV Bight %9 0 0 9

B .............................................

84 7 Subtotal Hydraulic 703,317 137,626 565,592 0 %9

5 .............................................

86

87 8 Holyrood 164,925 75,83 89,092

88 9 Gas Turbines 16,977 16,977 0

8 10 Diesel 3,226 0 0 3,226

Q eesaceees -—— ———

91 11 Subtotal Production 888,445 230,436 654,684 0 3,35

92 .............................................

93

% Transmission

% 12 Lines 193,468 1,317 0,632 9,632 45,766

% 13 Teminal Stations 105,729 33,675 0 37,143 8,068 11,820 0
97 ...............................................................
98 14 Subtotal Transmission 299,197 34,992 69,632 106,775 53,84 11,820 0
W ........................... -m= Atcmcmmcen eamcceses emvssscsese
100

101 15 Total Distribution 49,617 206 3,976 45,435
wmwe  emeecesee cecceecas cecceaao- - mmeeseces escomcocr cesemaee-
103 16 Subtotal Prod Trans Dist 1,837,559 265,634 724,316 106,775 57,159 15,796 45,435
%  =eses-mcs ceemcsess cscsmececs smdc-eees ecso-os-e so--ocees coocccees
105

106 17 Gereral 62,166 13,347 36,393 5,365 2,812 o4 2,283
107 18 Telecontrol - Common 36,476 8,268 2,563 3,326 1,91 368

108 19 Telecontrol - Specific 31

109 20 Feasibility Studies 2,332 1997 214 2 0 0
M7  =mmmesecs sscsceccc cesccoins eoccoccoo eoossssse ssoomsees esoooseee
1M1 21 Total Plant 1,338,464 289,246 733,272 115,67 62,004 16,958 47,718
12 =eeesescc eeeeccooo ecscsssos emcecono- ssssssees mocmsoses mososeeee
113

1%

15

116

17

118

119

120

k)
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9-SEP-92
Sch 2.2A
NEWBSSPE

{5



121

122 sch 2.3A

13
124
15
126
127
128
129
130

(b)

131 Lire
132 No.

134
135
136
137
138
139
140
141
142
143

145
146
147

169
150
151
152
153
154
155
156
157
158
159
160
161

167

1%
17
m
17
173
174
175
176
177

1
180

[ SRV R B VO U

10

n"

12
13

14 Subtotal Transmission

15

16 Subtotal Prod Trams Dist

)

Description

Production
Rydraulic
Bay D’Espair
Upper Salmon
Hinds Lake
Cat Arm
Paradise River
Snooks ArmyV Bight

Subtotal Hydraulic

Holyrood
Gas Turbines

Diesel

Subtotal Production

Transmission
Lines
Terminal Stations

Total Distribution

17 Gereral

18

19 Telecontrol - Specific

20

21

Telecontrol - Common

Feasibility Studies

Total Plant

(d)

($000)
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NEWFOUNDLAND HYDRO 9-SEP-92
Sch 2.3A
Island Intercornected NEW3S5PE
Fuctional Classification of Net Book Value
(e) f) (9) th) () )] k) )
Distribution
Prod& 0 eeeeemseeecececeeeoo- Spec
Prod Trans Trans Rural Substation Acct Assigned
Demard Energy Demard Trars Demard Other  Customer  Custamer
46,560 8,486
2,84 144,508
15,813 61,739
36,371 226,044
7,106 14,113
0 13
128,674 544,850 0 13
41,600 48,875
7,546
0 47
177,820 593,765 0 484
1,302 62,658 62,658 42,962 4,005
27,161 3,67 7,814 11,152 1,712
28,463 62,658 95,329 50,756 11,152 0 0 15,717
50 2,512 5,205 0
206,333 656,483 95,329 51,240 13,664 5,275 0 15,7117
8,201 26,375 3,830 2,059 549 1,016 0 632
4,905 15,608 2,267 1,643 265
40
2,240 27 24 0 0 0
221,768 698,406 101,653 54,966 14,478 26,2N 0 16,389




181
182 Sch 2.4A
183
184
185
186
187 (b) )
188
189
190
191 Lire
192 No.  Description
193 =om-- ~eeccvoceen--
1%
195 Prodction
1%
197 1 Hydraulic
198 2 Holyrood
199 3 Gas Turbines
200 4 Diesel
201
202 5 Subtotal Production
203
204
205 Transmission
206 6 Lires
207 7 Terminal Stations
208
209 8 Subtotal Transmission
210
21
a1
213 9 Total Distribution
214
215 10 Subtotal Prod Trans Dist
216
217
218 11 Custamer Accounting
219
Overheads
Plant Related
12 Prodction
13 Transmission
%  Prodxction & Trars
15  Distribution
16  Other
17 Property Insurance
18 Expense Related
19 Subtotal Overheads

20 Tot Oper & Maint Expense

NEWFOUNDLAND HYDRO

Island Interconnected

Functional Classification of 03 Expenses

(d)

(3000)

210

(e)

€]

Prod &

(@)

th)

Rural
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9-SEP-92

Sch 2.4A

NEWBSSPE

(i) ) (k) )
Distribution

--------------------- Spec
Substation Acct Assigned
Demand Other  Custamer  Custamer
162
3n 0 472
3 0 0 634

339 3,871
m 3,873 0 634
662

8 16
2 4
13 154 0
42 115 0 58
10 10
442 2,61 412 395
518 2,681 412 482
1,228 6,554 1,07 1,116




261
242
243
244
245
246
247

JEERRBRERERE

an
2r
273
274

3

CYYYPAIRANIYBYEUAREBIFNA

Sch 2.5A

b

VW N =

10

1

12
13

14 Subtotal Transmission

15

16 Subtotal Prod Trars Dist

17

18 Telecontrol - Common
19 Telecontrol - Specific

20

21 Total Depreciation Expense

(c)

Prodction
Hydraulic
Bay D'Espair
Upper Salmon
Hirds Lake
Cat Arm
Paradise River
Snocks AmvV Bight

Subtotal Hydraulic

Holyrood

Gas Turbines
Diesel

Swbtotal Production

Transmission
Lines
Terminal Stations

Total Distribution

General

Feasibility Studies

NEWFOUNDLAND HYDRO
Island Intercomnected

Fuctional Classification of Depreciation Experse

(d) (e) (f) (9)
(3000)

Prod &

Total Prod Trars Trars

Amount Demand Erergy Demand
701 225 476
222 30 192
261 49 192
189 26 163
32 1" 21

1 0 0 0

1,386 34 1,044 0

7,418 3,61 4,007

806 806 0
56 0 0 0
9,666 4,558 5,051 0
1,180 3 45 445
1,185 45 0 429
2,365 428 445 874

1,121 3
13,152 4,989 5,495 874
3,9% 1,492 1,644 261
2,5™ 1,039 1,145 glied
5

728 &% 26
20,398 8,217 8,284 1,343
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9-SEP-92
Sch 2.5A
NEW355PE
(h) (i) ) (k) )
Distribution
--------------------- Spec
Rural Substation Acct Assigned
Trars Demard Other  Custarer  Customer
1
1
56
57
209 ~
48 8 200
57 8 0 0 n
105 1,013 0
314 188 1,013 0 n
% 56 33 0 8
19 17
5
5 0 0 0 2
608 262 1,316 0 3%
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I~ NEWFOUNDLAND HYDRO 9-SEP-92

422 Sch 3.1A Sch 3.1A

43 Islard Intercomected NEW3SS5PE

45 Basis of Allocation to Classes of Service
427 (b) ) (d) (e) ) (9) (h) ) §)) k) )

49 ($000) Distribution

430 Prod& 000 eesemmeesesemmeeeoo-o Spec
431 Lire Total Prod Trars Trans Rural  Substation Acct Assigned
432 No. Description Amount Demand Energy Demard Trars Demand  Other Customer  Custamer
433 =--es eeecesesescee ceccseses mseso-es eeescsmeses ccccmensoe sseseesos meescocee coesoone eccan-see eescocoes
434 (5CP kw) (méh @ Gen) (SCP kw) Direct Direct Direct Direct

435

436 Amount

437 1 Newfoundlard Power 954,563 4,390,777 921,660

438 2 Indstrial 153,408 1,290,017 148,120

439 3  Rural 67,735 319,697 65,400

& eseemmmee eeceseses ececceeea-

73] 4 Total 1,175,706 6,000,491 1,135,180

443
445

&7 Ratios

448 S  Newfoundland Power 0.8119 0.7317 0.8119

449 6 Irdstrial 0.1305 0.2150 0.1305

450 7 Rural 0.0576 0.0533 0.0576 1.0000 1.0000 1.0000 1.0000
851 ecaca;esa  mceeeccac  eccecaces smsecesec- eeeccmcee mosseacos eecacomee
452 8 Total 1.0000 1.0000 1.0000 1.0000 1.0000 1.0000 1.0000
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8 NEWFOUNDLAND HYDRO 9-SEP-%2

482 sch 3.2A Sch 3.2A

483 Island Intercomected NEWSSSPE

485 Allocation of Functional Amounts to Classes of Service
487 (b) (c) (d) (e) ) (€:)] (h) (¢)) §)) k) 4V

489 ($000) Distribution

490 Prd& =0 meemeemeeeeeeeeeee Spec
491 Line Total Prod Trans Trans Rural Substation Acct Assigned
492 No. Description Amount Demand Energy Demand Trars Demard  Other Custarer  Custamer

4%

495

4%

&7 Allocated Reverue Requirment Excluding Margin

48

4% 1 Newfoundland Power 157,586 38,2% 104,075 13,075 2,142
500 Industrial 39,770 6,154 30,577 2,101 937
501 3 Rural 33,881 2,77 7,571 928 8,702 2,899 9,987 1,07 0
502 | smeeeecoc ecmmmccec comicesen cmdacas sceeeccec cmcmceess eeescccse ceciceces seco-oeee
503 4 Total 231,238 47,165 142,230 16,104 8,72 2,899 9,987 1,07 3,09
S04 | mmmsessos e-mm-eces snsiceses sesseces seseessee semacsses soeesicos ceesssees eessoeee
505

506

507 Allocated Margin

508

509 5 Newfourdiand Power 6,382 1,462 4,149 670 102
510 6 Industrial 1,593 235 1,219 108 31
51 7  Rural 1,30 104 302 48 446 118 213 0 0
512 es-sessec seeecseas ceeisisse scecicses smssecess seecaceoe seeceesmes ceseesses eesccoees
513 8 Total 9,205 1,800 5,669 85 77 118 213 0 133
S | eeesmemee coseesmes comeeeess escedccas sccmmesos emssocees seesceses seeccsses seeeeenee
515

516

517

518

519 Total Allocated Revenue Requirment

520

521 9  Newfoudland Power 163,968 39,756 108,224 13,745 2,264
52 10 Industriat 41,3683 6,389 31,796 2,209 969
53 11 Rural 35,112 2,81 7,880 975 9,148 3,016 10,200 1,071

S26  esmmmeses cmseecces cmeeceecs edeecses sseessmos mmscmcsee cmcemcces seeeceeoo oooooeeo
5 12 Total 240,443 48,966 147,900 16,929 9,148 3,016 10,200 1,07 3,213
5%  ememmmems ecemeees S e e L L I L
527

528

529

nN

531
532
533
534
535

537

539
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LA NEWFOLNDLAND HYDRO 9-SEP-92
542 Sch 3.3A sch 3.3A
543 Islard Intercomnected NEW3S5PE
S44

545 Allocation of Specifically Assigned Amxunts to Classes of Service
546

547 (b) (c) (d) (e) (f) @ ) (4)) ()] (k) ) (m)
548

549 . ($000)

sso  esceeeccmeoeee O8M -==m-mcecmemon —mcecccoe-. Depreciation--------- Subtotal
551 Line Total ----- Transmission----- Adnin & Lines & Teleentr & Experse  Interest & Excl
552 No. Description Atount  Lines Terminals  General Terminals Feas Study General Credits  Gain/Loss Margin

554 (Plant) (Plant) (e+f) (Direct) (Direct) (NBV)
555

556

557 Basis of Allocated Amounts

558
559

-

Newfoundland Power 2,950 9,67 12,647 213 12,053
Indstrial 4,172 5,327 9,49 6 3,75
Rural 0 0 0 0 0

w N

4 Total 0 7,12 15,024 2,146 0 0 280 0 15,758 0

Ratios
S Newfourdland Power 0.4142 0.6454 0.571 0.7627 0.7636
6 Indstrial 0.5858 0.3546 0.4289 0.2373 0.2364
7 Rural 0.0000 0.0000 0.0000 0.0000 0.0000

572 8 Total 0 1.0000 1.0000 1.0000 1.0000 1.0000

576 Amounts Al located

S78 9  Newfoundlard Power 2,244 67 305 25 213 0 4
57 10 Indstrial 969 95 167 07 66 6 20 @) 378 937
580 11 Rural 0 0 0 0 0 0 0

12 Total 3,213 16 472 (4273 280 6 8 6) 1,601 3,09

[¥.)
8
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k) NEWFOUNDLAND HYDRO 9-SEP-92
362 Sch 4.1 Sch 4.1
363 Islard Interconnected NEWBSSPE
364

365 Calculation of Gereration & Transmission AED Factors

366

367 (b) (c) () (e) f) (9) (h) (4)] ()] k) L)
368

369

370 Salestlosses Class 5P Class NCP

371 Lire For AED AT AT ----Average Demerd---  ----Excess Demand----  =-=----- Total~=====-~
372 No. Rate Class méhs Gererator  Generator Amount  Weighted Atount  Weighted  Weighted Amount
14 e R S -

374 (5CP kw)*  (NCP kw)

37 Generation

37 1 Newfoundland Power 4,390,777 954,563 1,015,791 501,230 0.4076 514,561 0.3856 0.7932 975,372
377 2 Indstrial 1,274,029 153,408 168,436 145,437 0.1183 22,99 0.0172 0.1355 166,629
38 3  Rural 319,607 67,735 92,068 36,495 0.0297 55,573 0.0416 0.0713 87,73
3™

380 4 Subtotal at Generation 5,984,503 1,175,706 1,276,295 633,162 0.5556 593,133 0.4444 1.0000 1,229,704
381

3’

33

384

385

386

387

388

389

3%0 SalestLosses Class 5P  Class NCP

n For AED AT AT ----Average Demard---  ----Excess Demand----  =------- Total---~-----
39 mehs Trars Trans Amount  Weighted Anount  Weighted  Weighted Amount
3B eesscecmm ceeceecces ceseesses meccicees somecsees smcceecos ceecmeoe- .-

3% (5CP kw)  (NCP kw)

3% Transmission

39% 5 Newfoudland Power 4,284,100 921,660 83,750 489,053 0.4119 494,697 0.385 0.7%4 943,206
397 6 Indstrial 1,243,075 148,120 163,13 141,904 0.1195 21,219 0.0164 0.1359 161,384
3% 7 Rural 302,467 65,400 87,061 34,528 0.0291 52,533 0.0406 0.0497 8,756
3%

400 8 Subtotal at Transmission 5,889,642 1,135,180 1,233,934 665,484 0.5605 568,450 0.439% 1.0000 1,187,345
401

402

403 Coincident Peaks

404 JAN/R2 FEB/92 MAR/92 NOV/92 DEC/92 (5CP mw)

(41, Transmission CP*

406 5  Newfourdland Power 970.2 921.7 873.1 873.1 970.2 91.7

407 6 Indstrial 148.4 148.0 148.1 147.7 148.4 148.1

408 7 Rural 68.8 68.4 61.2 60.1 68.5 65.4

m ....................................

410 1,187.4 1,138.1 1,082.4 1,080.9 1,187.1 1,135.2

an

412

413

416 * Class SCP at Transmission and Generator as per response to NP-38 (Page 3 & 4 of &5)

415

416

417

418

419

40
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42
43

45

47

&9

51

52

53

54

55

57

59

sch 4.

(b)

Lire

oV W =

10

11 Purchase Power Istard

12
13

14 Subtotal Transmission

15

2
Base Case
$355/kW Peaker

S0% Revenue

S0% Erergy

Deficit Alloc.
(c)

Description

NEWFOUNDLAND HYDRO

Islard Intercornected

Fuctionalization and Classification Ratios

(C))

Cost of Peaker used for D/E Splits
Cost of Peaker (Paradise River)

Produxction

Hydraulic

Bay D’Espair

Upper Salmon
Hinds Lake

Cat Am

Paradise River
Snooks AmyV Bight

Subtotal Hydraulic

Holyrood

Gas Turbines
Diesel

Transmission
Lines
Terminal Stations

Total Distribution

100.0%
100.0%
100.0%
100.0%
100.0%
100.0%

100.0%
100.0%
100.0%

100.0%

100.0%
100.0%

(e) )
Prod &
Prod Trans
Demard Energy
355 /i
933 /i
32.10% 67.90%
13.64% 86.36%
20.39% .61%
13.86% 86.14%
33.49% 66.51%
0.00% 0.00%
19.57% 80.42%
45.98% 54.02%
100.00% 0.00%
0.00% 0.00%
100.0%
50.0%
0.0%

(9

50.0%
100.0%
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(h) (i) (§)] (9]
Distribution

Rural Substation Acct

Trans Demard Other  Custarer
100.00%

0.01%

100.00%

100.0%

9-SEP-92
Sch 4.2
NEWBS5PE

(4H) (m

Spec
Assigned Plant Cost
Qstarer  In 1991 $

1,106
2,602
1,761
2,561
2,786





